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Abstract 
The Azeri, Chirag and Gunashli (ACG) oilfield is located in the offshore Azerbaijan 
sector of the south Caspian Basin. This dissertation focuses on the Azeri Field which has 
over 8 billion barrels of oil in place. The major reservoir interval is the Pliocene Pereriv 
Suite, which is characterized by laterally continuous layers of variable net-to-gross (NTG) 
deposited in a fluvial-deltaic environment. The Azeri Field is being developed by both 
down-dip water injection and up-dip gas injection. This dissertation uses high-resolution 
models, derived from outcrop analogue and subsurface data, in conjunction with 
experimental design techniques, to rank the impact of different geological heterogeneities 
on recovery by both displacement mechanisms. Firstly, the impact of reservoir-unit scale 
heterogeneities on water and gas injection is assessed using a simplified fluid PVT 
description. At this level, the principal controls on oil recovery are the factors that affect 
sandbody connectivity and sweep efficiency. Secondly, the impact of reservoir- and 
genetic-unit scale heterogeneities on gas injection in high NTG intervals is assessed. The 
genetic-unit scale heterogeneities that control the approach to vertical equilibrium (VE) are 
found to be the principal controls on recovery. Their impact is large when gravity forces 
dominate the mobility unstable displacement, but decreases with increasing production rate 
as viscous forces dominate and the displacement moves out of VE. The presence of 
laterally extensive shales is also important, because they change the geometry of the 
reservoir layering and yields higher recovery than equivalent homogeneous models. 
The 
same rank order of key heterogeneities is obtained for simulations with simplified and a 
more realistic PVT description. Finally, the results are applied to 
develop a methodology to 
identify the upper and lower boundaries on predicted recovery using a simple analytic 
approach that incorporates some geological 
heterogeneity. 
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Chapter 1 
Introduction 
1.1 Project background 
In order to maximize profit from finite reserves, optimising hydrocarbon recovery is 
one of the main interests of the energy industry. Hydrocarbon reservoirs generally 
have complex systems, so to maximize recovery efficiency a good understanding of 
the reservoir is required. Reservoirs are generally heterogeneous in different aspects. 
The fluid properties within a reservoir change with local physical conditions, 
especially pressure and temperature, at a given time. Hydrocarbon reservoirs contain 
geological heterogeneities on many different length scales, from the pore scale to the 
scale of basin depositional system. Previously, many workers used a variety of ways 
to define different length scale for geological features within a reservoir (e. g. 
Kortekaas 1985; Weber 1986; Allen 1983; Barthel 1991; Weber and van Geuns 1990; 
Jones et al. 1992; Hartkamp-Bakker 1993; Jones et al. 1994; Jones et al. 1995; 
Kjonsvik et al. 1995; Jackson and Muggeridge 2000; Cubillos et al. 2005 and Hunedi 
et al. 2005). 
Geological heterogeneities at different length scale have various ways to influence 
reservoir performance. Faults or boundaries between genetic sand bodies (e. g. long 
extensive shales) control sand connectivity and sweep efficiency, 
if the sand bodies 
are disconnected they cause moveable oil to 
be by-passed. This is normally the cause 
of poor recovery at reservoir-unit scale 
(c. 10- loom) (Weber 1986; Hartkamp-Bakker 
1993 and Larue and Hovadik 2006). At the genetic-unit scale (c. I-I Om), geological 
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features such as permeability zonation within sand bodies (e. g. upward fining trend of 
grain size within channel fill sand body) or baffles within genetic sand bodies affect 
both vertical and areal sweep efficiency (Jones et al. 1994 and Jones et al. 1995). At 
the bed-form scale (c. 1-0.1m) geological features such as crossbedding and 
lamination control the variation of lithology, porosity, and permeability (between 
foreset and bottomset within cross-bed set). Previous studies have demonstrated that 
these factors cause the variation of capillary pressure and control the by-pass oil in a 
rock volume during displacement (Hartkamp-Bakker 1993). At the pore scale (c. 
<O. lm), the variability of pore structure and mineralogy control the wettability and 
relative permeability; these factors controls the residual oil saturation. Therefore the 
variety of pore structure determines the amount of maximum recovery from a 
reservoir for a given displacement scheme. 
In general, geological heterogeneities are related to the porosity and permeability 
of a reservoir. These features determine how fluids flow through the reservoir 
towards production wells. However, not all geological heterogeneities have a 
significant influence on recovery. So the key question is to find out which geological 
features are important to reservoir performance. To answer this, one needs to identify 
the key geological features that must be captured for a particular scale of reservoir 
model in order to conduct a study on reservoir performance. The answer will provide 
important guidelines for data collection, reservoir management and strategies for field 
development. 
The geological features present in the reservoir are mainly zgovemed by the 
, 'onal environment. 
This thesis investigates the impact of depositional depositk 
ties on oil recovery in a fluvial dominated deltaic reservoir developed by het-' - I-ie, 
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both water and gas injection. Fluvial deltaic reservoirs generally have numerous types 
and length scales of geological heterogeneities. All of these levels of heterogeneities 
have a potential effect on the displacement. Many important oil and gas fields in the 
world are interpreted to have been deposited in a fluvial deltaic deposition 
environment, such as Prudhoe Bay (Begg et al. 1992; Hand et al. 1994), Lake 
Maracaibo in Venezuela (Ambrose et al. 1997) and the Mahakam Delta Indonesia 
(including examples such as Serang field; Waryan et al. 2001 and Attaka field, Vo et 
al. 2001 are exhibits both fluvial and tidal influences). Fluvial deltaic reservoirs are 
normally complex belonging to the jigsaw-type reservoirs in the scheme of Weber 
and van Geuns (1990) and many are characterized by difficulties in maintaining 
reservoir pressure, poor displacement efficiency and early breakthrough. 
1.2 Introduction to the ACG field and the challenges of the 
project 
The ACG petroleum system contains three accumulations: Azeri, Chirag and deep 
water Gunashli. The ACG field development project is one of the largest current 
hydrocarbon projects (US$20 billion aggregate) in the world, and is thus important to 
Azerbaijan. BP has obtained a 30 year exploration license for the ACG development 
which will expire in 2025. BP plans to bring the total production in ACG to I million 
barrels of oil per day by 2008. This thesis focuses on the Azeri accumulation in the 
south east of the ACG structure, which contains an estimated 8 billion barrels of oil 
in 
place. The ACG field is a 
large, steeply dipping reservoir which is located in the 
south Caspian basin offshore 
Azerbaijan sector (Figure 1.1 A, B). 
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Figure 1.1. (A, top) Map of the western South Caspian Basin highlighting oil fields, including the ACG field, and 
the location of outcrop analogs on the Apsheron Peninsula (Y = Yasamal Valley, B= Balakhany Quarry, K= Kirmaky 
Valley). (B, bottorn) Paleogeographic map of the South Caspian Basin during deposition of the Productive Series, 
Note that the paleo-Volga Delta underwent multiple episodes of advance and retreat across the area of the ACG field 
during deposition of the Productive Series 
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The major oil bearing zone of Azeri reservoir is the Pereriv Suite which is 
interpreted as a fluvial dominated deltaic depositional environment. The Pereriv Suite 
is vertically divided into five layers with different net to gross (NTG) (more detail 
nlý aDOUt the reservoir stratigraphy is presented in Chapter 2). The reservoir comprises 
channel sand bodies with variable connectivity and mud/shale sheets forming internal 
barriers to flow of oil. These sedimentary heterogeneities make the internal structure 
of the reservoir complex and challenging to model. 
The Azeri structure is being developed using two production schemes: down-dip 
water injection on the south flank (tectonic dip of c. 5'-30' depending upon location) 
and up-dip gas injection on the more steeply dipping (c. 25 '45 ' depending upon 
location) north flank (Figure 1.2). The initial analytical prediction suggested that the 
proposed production rate would result on both water and gas displacement 
mechanisms are stable if the reservoir is geologically homogeneous. However, in 
reality it is difficult to predict the displacement stability because of the nature of the 
geological heterogeneity. If unstable displacement occurs, gas or water tongues will 
develop which will reduce the sweep efficiency and increase gas or water production 
(depending on the displacement mechanism) thus reducing oil recovery. 
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Figure 1.2. Map of the ACG field highlighting the Azeri, Chirag and Gunashli accumulations. Simplified 
cross-sections and plan-view maps are shown for the north and south flanks of the Azeri reservoir. The models 
presented in this thesis are constructed for these reservoir-production symmetry elements. 
An additional complexity is that the reservoir pressure was found to be at the bubble 
point pressure of the oil phase; any pressure reduction therefore leads to gas escaping 
from solution. So if the reservoir pressure maintenance fails, significant volumes of 
gas will potentially be produced even under water displacement mechanism or when 
the gas displacement is predicted to be stable. This adds to the challenge of predicting, 
monitoring and managing each displacement. The optimum development of the Azeri 
field therefore requires a sound understanding of the impact of geological 
heterogeneity on displacement by both water and gas injection. 
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1.3 Aim and objective 
The aim of this project is to investigate the impact of reservoir heterogeneity on oil 
recovery behavior in fluvial deltaic reservoirs, with specific reference to the Azeri 
field offshore Azerbaijan. 
The following are the objectives of the project: 
1. Identify the key geological and petrophysical heterogeneities in the ACG field 
and quantify their impact on flow during water and gas injection. 
2. Identify how the heterogeneities should best be captured in a reservoir model. 
1.4 Methodology 
There are different methods to obtain sub-surface information, e. g. well-log, core, 
seismic and production data of the field, however, all these methods have their own 
limitations. In this research outcrop analogues are used to obtain detailed geological 
information for the reservoir. By using outcrop analogue, the geological features can 
be measured directly in detail. In Chapter 2, more details on the advantages of using 
outcrop analogue and the limitations of the other sub-surface measurement methods 
are discussed. As there are a large amount of information and the complexity of the 
reservoir environment, 'top-down' approach and experimental design method are 
adopted, in order to conduct the investigation in a more efficiency approach, a more 
detailed description of these methods are shown in Chapter 2. 
32 
1.5 Outline of this thesis 
This investigation begins with an overview of the south Caspian regional geology 
and reviews previous studies on the fluvial deltaic environment in the first part of 
Chapter 2. Given that there are significant geological heterogeneities present in the 
reservoir at different length scale, in the second part of Chapter 2, a number of 
previous approaches to study the impact of heterogeneities on displacement are 
reviewed. In order to conduct the investigation in an efficient way, a 'top-down' 
approach (Williams et al. 2004) is adopted. This method begins with the simplest 
model and progressively increases the level of complexity toward smaller scale 
heterogeneities. By using this approach, one can filter out the issues that are 
negligible at the early stage of the research. 
This investigation starts with an analytical study of fluid (water or gas) displacement 
in a homogeneous environment. This preliminary calculation is described at Chapter 
in order to understand the reservoir performance (i. e. breakthrough time, 
cumulative oil recovery and flow stability for both gas and water injection). The 
objective of Chapter 3 is to study the displacement behaviour when the impact of 
geological heterogeneities is omitted and flow conditions are simplified. The 
analytical study applies the classical theories (Buckley and Leverett 1942; Dietz 1952) 
to estimate displacement behaviour under simplified conditions. 
Then the investigation moves on to study the impact of geological heterogeneities. 
The research begins with a study of the impact of heterogeneities at reservoir-unit 1_5 
scale s mplified 
fluid properties in Chapter 4. This investigation progressively 
moves toward the smaller scale study. In Chapter 5 investigations of the impact of the 
combination of reservoir-unit scale and genetic-unit scale heterogeneities on recovery 
are presented. At the end of Chapter 5, both simplified fluid properties and realistic 
Azeri properties are applied and investigated. Finally, in Chapter 6, an investigation 
to develop an approach to rapidly estimate the range of possible oil recoveries by 
gravity stable displacement through a heterogeneous system which is simplified into 
shale with various length and continuity in a sand background is conducted. 
In order to have a sound understanding of a reservoir, it is necessary to understand 
the geology of the depositional environment for the reservoir. There is a vast 
literature on the geology of fluvial deltaic environments. For the purpose of studying 
the impact of heterogeneity on reservoir performance from a production point of view, 
the key literature is reviewed in the next chapter. 
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Chapter 2 
Literature review 
2.1 Overview 
This research studies the impact of heterogeneities on production from a 
fluvial-dominated deltaic reservoir in the Southern Caspian Basin. The Pereriv Suite 
reservoir of the Azeri-Chirag-Gunashli (ACG) Field is selected for this investigation. 
This chapter begins with a review of some earlier studies on the geological setting of 
the Southern Caspian Basin and the petroleum system of the region, in order to place 
in context the geology and stratigraphy of the reservoir interval (Productive Series). 
Many previous studies have identified the Productive Series as the deposits of a 
fluvial-dominated deltaic system. Establishing this specific type of deltaic 
depositional environment is the first step taken to characterise this reservoir. In the 
second part of this chapter, a number of previous studies are reviewed in order to 
understand the definition and classification of the different types of deltaic reservoirs. 
To characterise a reservoir, it is necessary to collect information from all available 
sources. An evaluation of the advantages and disadvantages of different 
methodologies for obtaining information about the reservoir is conducted, in order to 
choose the ideal method for characterising the ACG reservoir. 
The main objective of this investigation is to identify those heterogeneities that have 
the most siganificant influence on the behaviour of a fluvial-deltaic reservoir, and 
expk"r the reasons why these 
factors have such a large influence under a particular 
dis, -, ---, nent mechanism. It is recognised that there is a large range of geological 
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features within the Productive Series reservoirs. Each of the heterogeneities has a 
different influence on reservoir performance. In the third part of this chapter, a 
number of previous studies on the impact of heterogeneities on reservoir performance 
are reviewed. These previous approaches provide some instruction for conducting this 
investigation. 
In the final part of this chapter, various methods of studying the sensitivity of 
reservoir models to geological heterogeneity are evaluated. The most suitable scheme 
is then selected and applied in this investigation. 
2.2 Geology of the Productive Series and the ACG field 
It is essential to understand reservoir geological architecture for effective reservoir 
modelling. Reservoir model construction is based on the interpretation of reservoir 
geology. Without such information it is not possible to build a representative model to 
capture the reservoir behaviour for monitoring, forecasting and eventually improving 
the reservoir performance. 
2.2.1 Regional geological setting and petroleum system 
The Caspian Sea is enclosed between Asia and Europe. The region is surrounded by 
Russia, Azerbaijan, Iran, Turkmenistan and Kazahstan. The Caspian Sea is the 
world's largest lake. It is recognised as one of the world's richest 
hydrocarbon-beariiicy regions and has a long history of oil production. For example 
the Wu--st Oil field in Azerbaijan, Kirmaku, has a record of production since 1834 
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(Buryakovsky 2003). ACG is one of the offshore hydrocarbon fields located within 
the region called the Apsheron Threshold in the Southern Caspian Basin. About 90% 
of all identified hydrocarbon reserves in the South Caspian basin are located here 
(Buryakovsky 2003). 
Production from the Azeri reservoir which is focus of this research project is 
relatively new, as it started as recently as 2004. 
In the southern Caspian region, the major hydrocarbon-bearing interval is the 
Productive Series which was formed in the late Miocene to early Pliocene during a 
dramatic fall in lake level (Reynolds et al. 1998; Morton et al. 2003; Buryakovsky 
2003; Hinds et al. 2004). Reynolds et al. (1998) and Abreu and Nummedal (2007) 
describe the sequence stratigraphic context of the Productive Series. The Kalin Suite 
at the base of the Productive Series is overlain by Kirmaky Suite and Pereriv Suite. 
From the Kirmaky Suite to the Pereriv Suite, there is a progressive increase in grain 
size and an associated change in depositional environment from delta front (Kirmaky 
Suite) to fluvial (Pereriv Suite). This succession therefore demonstrates a long-term 
progradation of the palaeo-Volga delta. Above the Pereriv Suite, there is an upward 
decrease in sand content and a reversion to delta front facies through the Balakhany 
Suite, which indicates the retreat of the palaeo-Volga delta in response to a long term 
base-level rise. Figure 2.1 shows the stratigraphy of the Productive Series. A key 
effect of the latest Miocene lake level fall was to restrict sedimentation to the South 
Caspian, which lies south of the Apsheron Peninsula region (Figure 2.2). Sediment 
was mainly supplied 
from the north by the paleo-Volga river system (Overeem et al. 
2003; iiorton et al. 2003, Hinds et al. 2004; Kroonenberg et al. 1997 and 
Kr( -.. ýerg 1004). 
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A. 
During much of the late Miocene- Pliocene period, the paleo-Caspian Sea was a 
large inland lake with sedimentation controlled by changes of lake level (Reynolds et 
al. 1998, Hinds et al. 2004). Because the Caspian Sea is a lake and contains a lower 
volume of water than the open ocean, the water level is more sensitive to 
climatically- forced changes in rainfall that control water input to the Caspian Sea. 
Therefore the lake level change was much more rapid than the sea level changes in 
the open ocean (Kroonenberg et al. 1997). The deltaic stratigraphy in this basin is 
therefore different to that of an open ocean. Sedimentation in the Productive Series 
was controlled by high-frequency, high-magnitude changes in lake level, which 
caused rapid shifts in the location of the paleo-Volga delta and associated shoreline 
(Reynolds et al. 1998 and Hinds et al. 2004). The South Caspian Basin underwent 
extremely rapid subsidence, such that roughly half of the 20krn thick basin fill has 
accumulated in the last 5.5 million years (Morton et al. 2003). 
Paleogene to Neogene argillaceous rocks are widespread in the South Caspian Basin. 
Previous studies recognise that these argillaceous rocks are the major component of 
the cap-rock of the reservoirs in the South Caspian Basin, because they have low 
permeability thus providing good sealing properties. There are no thick shale sections 
to act as regional seals for the hydrocarbon reservoirs, however local seals are present, 
and these are responsible for trapping oil and gas reserves in the Azerbaijan portions 
of the South Caspian Basin (Buryakovsky 2003). 
In the South Caspian region, four different types of hydrocarbon traps have been 
identified: (1) xitieclinal non-faulted traps, (2) anticlinal faulted traps, (3) stratigraphic 
traps. fithological traps. The oil and gas accumulations in the 
Productive 
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Series are restricted to anticlinal traps. Accumulations in the Upper Productive Series 
(including Azeri and Guneshli) occur in faulted anticlinal. traps (Buryakovsky 2003). 
The Productive Series was introduced previously as the major reservoir interval of 
the South Caspian region. Previous studies suggested that the paleo-Volga river 
system supplied sediment from the Russian Plain to the Productive Series (e. g.: 
Reynolds et al. 1998; Kroonenberg et al. 1997; Kroonenberg 2004; Kroonenberg et al. 
2005; Hinds et al. 2004). Caspian sea level changes were more dynamic than those of 
the world ocean. Consequently, delta regression and transgression were much more 
rapid. As mentioned before, because the Caspian Sea was an inland lake, with only 
minimal wave and tidal action (Kroonenberg et al. 2005), as the deposits of the 
palaeo-Volga delta have undergone no marine reworking. Moreover, the onshore and 
offshore gradients of this basin are extremely shallow (c. 5cm/km; Kroonenberg et al., 
1997), which promoted rapid lateral changes in delta position as it regressed and 
trangressed. 
The Productive Series is highly layered because of the rapid lake level changes. The 
series consists of a large number of vertical intervals that are sub-divided into a 
number of sedimentary sequences (Suites) corresponding to major 
progradational-retrogradational cycles. These sequences are sub-divided by extensive 
flooding surfaces marked by distinct changes in lithological character. The hi$zhlv 
layered strata comprise the Kalin (Kala) Suite, Pre-Kirmaky Sand Suite, Kirmaky 
Suite, Post-Kirmaky Sand Suite, Post-Kirmaky Clay Suite, Pereriv Suite, Balakhany 
Suite, Sabunchi Suite and Surakhany Suite (Figure 2.1 Reynolds et al. 1998; 
Buryaý- 2003). The Balakhany and Suites are Pereriv the major 
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litho-stratigraphic sections that contain hydrocarbon-bearing sandstones within the 
ACG field. 
The Pereriv Suite is up to 1 10m thick and forms the most important producing 
interval in the ACG field. From outcrop exposures, it is identified that the Pereriv 
Suite contains characteristics that can be interpreted as a fluvial or distributary 
channel system (Reynolds et al. 1998). In the next section further details of the 
geological features of the Pereriv Suite within ACG will be discussed. 
2.2.2 Reservoir geology 
In order to understand the geology of the ACG field, this investigation reviewed 
nearby developed fields with similar reservoirs and previous studies on outcrop 
analogues of the Productive Series. 
The Bahar Field has one of the nearby Productive Series reservoirs in the south 
Caspian Basin (Figure 2.2). The Bahar structure was discovered in c. 1956; production 
started during 1970. Previous studies investigated the influence of geological 
heterogeneity on reservoir performance (Narimanov et al. 1998; Abdullaev et al. 
1998). The Bahar Field is divided into eight fault blocks. Reservoir stratigraphic 
intervals are separated by shale beds and have different fluids and petrophysical 
properties (Buryakovsky 2003). The main reservoir intervals of the Bahar Field are 
the Balakhany X and Pereriv Suite of the Productive Series, as in the ACG field. 
Water it-j' , 'bon was applied 
in the Bahar Field, 20 years after the start of its primary 
prod- Analysis of reservoir and production 
data has demonstrated that mud 
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stone sheets and faults within the Productive Series have influenced fluid flow 
(Narimanov et al. 1998; Abdullaev et al. 1998). The wide variation in channel-fill 
sandbody orientation is also recognised as one of the most important geological 
heterogeneities that influences reservoir performance. Similar heterogeneities can 
also be found in the ACG field. 
Reynolds et al. (1998); Reynolds et al. (2003); Reynolds and Riley (2003) presented 
a detailed investigation of the outcrop analogues of the Productive Series. The Pereriv 
Suite outcrops demonstrate the characteristics of a fluvial or distributary channel 
system. These fluvial facies form a high quality reservoir sandstone because they lack 
low permeability units that would act as flow barriers and they display few internal 
heterogeneities. Three other facies types within the Productive Series outcrops were 
identified: delta plain, proximal delta front and distal delta front. Thus four possible 
reservoir architecture models were predicted for the Productive Series and it was 
thought that each of them would lead to different reservoir performance. Although the 
outcrops differ slightly from the subsurface expression of the Perereiv Suite, these 
four facies types and reservoir architectures can be identified in the ACG reservoir. 
The Pereriv Suite is sub-divided into five intervals according to vertical variations 
in net-to-gross (NTG). Extensive shales form boundaries of these sub-Pereriv Suite 
intervals (Reynolds et al. 2003; Reynolds and Riley 2003). The layers are labelled 
Pereriv A at the top to Pereriv E at the base. The major oil reserves are contained in 
Pereriv B and D due to their high NTG and high net permeability. Reynolds et al. 
(2003); Reynolds and Riley (2003) attributed the differences between each sub-layer 
withi ý-; ereriv 
Suite to rapid variations in lake level during reservoir deposition. 
TJ t, - , -ent 
facies architecture of each layer reflects varrations in depositional 
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environment. The low NTG intervals (Pereriv A, C and E and Balakhany X) are 
considered to represent delta front depositional environments whereas the high NTG 
intervals (Pereriv B and D) are likely to be the result of a combination of fluvial or 
delta plain domination. Reservoir objects such as distributary channels and 
flooding- surface shales are found in each sub-Pereriv layer. However, because the 
paleo-Volga delta lacked marine influence, heterogeneities resulting from wave or 
tidal re-working are absent. Compared with other fluvial-deltaic systems like the 
Mississippi Delta, the Pereriv Suite also lacks evidence of objects like crevasse splays, 
lobes and levees. Mouth bars are found in the Productive Series outcrops, but not in 
the subsurface ACG field dataset. 
The geological features found from the ACG sub-surface core data, the relevant 
outcrop analogues and the nearby field examples are all indicators that the Pereriv 
Suite reservoir of the ACG field is a fluvial-dominated deltaic reservoir. This 
interpretation provides a framework for reservoir engineers and production geologists 
to characterise the ACG field. Such a framework provides guidelines for the 
distribution and type of possible geological heterogeneity within the reservoir. It is 
necessary to understand the properties of the fluvial-deltaic environment in order to 
construct an approprate reservoir model. 
2.3. Fluvial-Deltaic reservoirs 
Knowing the characteristics of different parts of a fluvial-deltaic reservoir is useful 
when identifying which geological 
heterogeneities are present. Firstly, it is necessary 
to uirdcý what a 
deltaic reservoir is, and the classification of the different type of 
-, reover, it is important to know the 
different parts of the delta environment. 
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2.3.1 Classification of deltas and deltaic reservoirs 
Galloway (1975) defined a delta as a partially subaerial, continuous sediment 
deposit around the point where a river enters a standing body of water. Two main 
sedimentological processes occur in the deltas: (1). sediments are carried and 
deposited by fluvial. channels, (2). sediments are then reworked by marine or 
lacustrine processes (Galloway 1975; Bhattacharya 2006). Galloway (1975) 
recognised that there are various sources of energy that are supplied by marine 
currents (e. g. oceanic and wind-generated currents, density currents, gravitational 
potential, tidal currents and wave surge). However, the major sources of marine 
energy that influence the sediment distribution within deltas are tidal currents and the 
wave surge (Galloway 1975). On this basis three major types of delta systems were 
identified by Galloway (1975): fluvial-, tide- and wave-dominated deltas (Figure 2.3). 
These three deltaic depositional systems have different characteristics and are widely 
used in geology research. For example, fluvial- dominated deltaic systems normally 
have elongated plan-view geometries, whereas wave-dominated deltas have an 
arcuate shape. The different characteristics of deltaic depositional systems are 
surnmarised in Table 2.1. 
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Figure 2.3. Process-based classification for threefold division of deltas. Modified from the original figure of 
Galloway 1975. There are 9 examples that represent different type of delta: 0. Volga Delta; 1. Misssissippi Delta; 2. 
Mahakam Delta; 3. Niger Delta; 4. Mekong Delta; 5. Fly Delta; 6. Sao Francisco Delta; 7. Ebro Delta; 8. Copper Delta. 
Fluvial-dominated Wave-dominated Tide-dominated 
Geometry Elongate to lobate Arcuate Estuarine to irregular 
Channel type Straightto sinuous distributaries Meandering distributaries Flaring straightto sinuous distributaries 
Bulk composition Muddy to mixed Sandy Variable 
Framework facies 
I 
Distrinutary mouth bar and channel fill 
sands, delta margin sand sheet 
I 
Coastal barrier and beach ridge sands 
I 
Estuary fill and tidal sand ridges 
Framework orientation I Parallels depositional slope 
I Parallels depositional strike 
I Parallels depositional slope 
Table 2.1. Summary of characteristics of various delta systems (Galloway 1975). 
The offshore gradient of the modern and paleo-Volga delta was gentle and no 
marine reworking took place (Overeem et al. 2003; Kroonenberg 2004). The 
paleo-Volga delta has been identified as a fluvial-dommated deltaic system (Reynolds 
et al. 1998; Overeem et al. 
2003). 
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Morphologically, deltas can be divided into three parts: (1) delta plain; Q 2) delta 
front and (3) prodelta. Sand-body architecture varies between each component part of 
a fluvial-deltaic system. It is thought that Pereriv B and D were deposited in 
distributary channel, delta plain and fluvial environments whereas Pereriv A, C and E 
were deposited in delta front environments. A fluvial -dominated delta plain is 
unaffected by basinal processes so it is similar to other fluvial systems. They consist 
of a series of variably connected channelised sandbodies which exhibit predominately 
unidirectional flow internally. 
Compared with fluvial systems, the distributary channels more frequently switch 
position because shorter and steeper courses are created as the delta progrades into 
the basin. The lower reaches of the distributary channels are influenced by basinal 
processes even in low-energy basins. Moreover, it is rare to find multiple distributary 
channel systems in fluvial-dominated delta plains. In inter-distributary areas, 
geological features like levees, various types of crevasse lobes and crevasse channels 
are often found (Reading and Collinsons 1996). 
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Figure 2.4A 
Figure 2AB 
Figure 2.4. (A, top) Satellite image of the modern Volga Delta. The delta is divided into three parts (1) delta plain, 
the large upstream region of the delta system dominated by subaerial fluvial channels; (2) delta front, the downstream 
region of the delta, is a zone of interaction between fluvial and basinal process; (3) prodelta, at the outer limit of the 
subaqueous delta. In different parts of the delta, sandbodies have different geometries and architectures. On the delta 
plain, the connectivity of branching channel sandbodies is controlled by their distribution, width, thickness and 
sinuosity, whilst the delta front contains mouth-bar sandbodies (http: //maps. google. com/). (B, bottom) Satellite image 
of the modern Mi__r_sisFippi Delta. Compared with the modern Volga Delta, the Mississippi Delta has a small number of 
clistributa. ý -;, iriels and the delta 
front is composed of widely separated mouth bars. The different facies architecture 
betweFý' -, %vo fluvial-dominated deltas is mainly because of the rapid lake level change, gentle offshore gradient 
and ' !, -. 11 inflow of 
the Volga Delta. (http: //maps. google. com/). 
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The Mississippi Delta is often quoted as an example that represents 
fluv i al -dominated delta systems. However the facies architecture is different between 
the Volga Delta and the Mississippi Delta, as the Volga delta experienced rapid 
lake-level changes with gentle offshore gradients (c. 5cm/km; Kroonenberg et al. 
1997) and homopycnal inflow. Figure 2.4 demonstrates a plan view of the Mississippi 
Delta and Volga Delta. The Mississippi Delta has a relatively low number of terminal 
distributary channels and bifurcation. In contrast, the Volga delta has a much higher 
number of terminal distributary channels (modern Volga delta has c. 800 terminal 
distributary channels; Olariu and Bhattacharya 2006) and because of the coalescence 
of multiple terminal distributary channels and mouth bars the facies architecture is 
different from that of the 'bird-foot' shaped Mississippi Delta. 
2.3.2 Previous work on fluvial-deltaic reservoirs 
Tyler et al., (1991) estimated that deltas host 30% of all the world's oil, coal and gas 
deposits (Bhattacharya 2006). Some of the largest oil and gas field in the world are 
hosted in fluvial-deltaic reservoirs; water injection or miscible gas injection have 
been applied in some of these fields: the Yanchang Oil Field (Ordos Basin; North 
China); Lake Maracaibo Field (Venezuela); Granny Creek Field (Appalachian Basin; 
USA); Sanga-Sanga Block (Indonesia); Prudhoe Bay Field (Alaska); Mahakam Delta 
Fields (Indonesia); (Haldorsen et al. 1987; Begg et al. 1994; Hohn 1997; Ambrose et 
al. 1997; Knapp and Yang 1999; Luo 2002; Nikijuluw et al. 2005). Due to the 
complex nature of fluvial-deltaic geology, most of the published examples 
have 
experienced difficulties 
in maintaining reservoir pressure, experienced oil by-pass and 
early N, " rer breakthrough and/or yielding poor recovery at 
the end of field life. The 
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main challenge of producing from fluvial-deltaic reservoirs is to avoid bypassing of 
hydrocarbons, because there are numerous non-continuous sandbodies of variable 
connectivity and stacking arrangement (Dyer et al. 2000); in order to develop this sort 
of field one needs a large number of wells for high recovery. Various groups of 
researchers have conducted geological modelling and flow simulations on 
fluvial-deltaic reservoirs in order to better understand, monitor and manage them. 
Some early modelling of deltaic reservoirs was less concerned with geological 
descriptions, but focussed instead on stochastically distributing the rock and 
petrophysical properties obtained from reservoir core and well log data. In the early 
1980s, some studies characterised and modelled fluvial-deltaic reservoirs (e. g. 
Prudhoe Bay) by stochastically distributing sand and shale within a reservoir model 
(e. g. Begg et al. 1985; HaIdorsen et al. 1987). Because shales act as barriers to flow, 
the lateral continuity of shale controls vertical permeability and inclined shales may 
form oil traps (Jackson and Muggeridge 2000). However, by characterising the 
reservoir in terms of shale-length statistics, one cannot represent the geological 
environment because geostatistic manipulations do not accurately represent complex 
object shapes. Hence, certain geological features would not be captured accurately in 
these models, and misleading predictions of the residual oil distribution could result. 
Weber (1986) pointed out that building conceptual models that contain realistic 
geological features at different length-scales is necessary in order to compare 
different development schemes. Conceptual models can also help reservoir engineers 
to understand the typical configuration of heterogeneity and to predict production 
-surface environment is hi hly uncertain, i is necessary behaviour. Given that the sub or 
to gather as much information 
from all data sources as possible to realistically 
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describe the reservoir architecture. Weber (1986) also pointed out that outcrop 
analogues can provide a better understanding of the relationship of certain 
heterogeneity types with depositional environment and tectonic features. 
Consequently the use of an outcrop analogue is recommended to demonstrated a view 
of the reservoir architecture. Many previous studies (e. g. Haldorsen et al. 1987: Begg 
et al. 1994; Abdullaev et al. 1998; Reynolds et al. 1998) have demonstrated that 
fluvial-deltaic environments have complex architecture. The geological structure 
significantly influences pressure communication and oil sweep efficiency. 
Consequently it is necessary to understand the reservoir architecture of a 
fluvial-deltaic system in order to construct a geological model. Reliable distributions 
of geological parameters may be difficult to recover from subsurface measurements. 
It is necessary to borrow such distributions from outcrop analogues or high-quality 
subsurface analogues. 
2.3.3 Outcrop Analogues 
The ACG development is in its early stages; production data is limited and well 
spacing is large. Subsurface data is therefore limited. Well log and core data may 
show the vertical distribution of selected parameters at a particular location, but 
because the well density is low, it is not feasible to obtain reliable information about 
the lateral distribution and continuity of geological heterogeneities, and such 
information can only be inferred from outcrop analogues or seismic data. 
Previous studies indicate that seismic data are useful in order to identify the top and 
bottom boundaries and the location of faults within a reservoir (Richardson et a]. 
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1987a). In addition, using seismic data may also enable some geological features (e. g. 
channel orientation and areal distribution) to be resolved (Yao and Chopra 2000). 
However, it has often been found that the vertical resolution of seismic data is not 
sufficient to identify many geological features within the reservoir. Richardson et al., 
1989 identified that in a deltaic reservoir, individual reservoir units can be thinner 
than a single seismic reflection. Moreover, because seismic data contain a mixture of 
signal and noise, it is commonly difficult to distinguish between real features and 
seismic artifacts (Grammer et al. 2004). Therefore, it is essential to conduct a robust 
quality control on seismic data (Hesthammer et al. 2001). It is often useful to use 
high-resolution information from outcrop analogues integrated with well, core and 
low-resolution seismic data to enhance the interpretation of a reservoir. Schwab et al. 
(2004), for example, applied such an approach to characterise a carbonate reservoir in 
western Canada. 
Warren and Skiba (1963) published one of the earliest papers that recognised the 
value of outcrop analogues. They pointed out that core data does not provide a valid 
macroscopic description of the reservoir. Previous research also indicated that the 
integration of outcrop data and geostatistical analysis allowed for the construction of 
a quantitative sedimentological model, which helps to improve the efficiency of 
outcrop observations as a predictive tool for estimating facies heterogeneity in 
subsurface reservoirs (Felletti 2003). Outcrop analogues provide insights into 
understanding the boundaries and internal facies distributions of a reservoir. By using 
outcrop analogue data, a reservoir engineer can obtain better reservoir 
characterisation and modelling understanding, because the outcrop data provide a 
clear view of sandbody geometry and facies distribution (e. g. Ballin et al. 1997; Lerat 
et al. '1002). Previous work 
by Grammer et al. 2004), SulliNýan et al. 2004 and Schwab 
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et aL 2004) demonstrated that outcrop analogue data provide constrained information 
on facies geometry and architecture that can be integrated with well data to 
characterise the reservoir below seismic resolution. Larue 2004) indicated that the 
major uncertainties in reservoir architecture are areal variation and sub-seismic thin 
bed effects. Suro-Perez et al. (1991) demonstrated that production parameters 
(cumulative oil production, cumulative WOR, breakthrough time) are sensitive to the 
reservoir geological architecture. Outcrop analogues can provide information about 
smaller scale heterogeneity, such as permability distributions within channel 
sandbodies as well as sandbody connectivity at a large scale. 
There are many examples that illustrate the use of outcrop analogues to study 
fluvial-deltaic depositional systems or distributary channel systems. (e. g. Geehan et al. 
1986; Matheron et al. 1987; Hand et al. 1994; White and Barton 1997; Knox and 
Barton 1999; Li and White 2003; Wach et al. 2004). The well exposed, Cretaceous 
Ferron Sandstone (Utah, USA) is one of the outcrop analogue examples of 
fluvial-deltaic systems that has been used most frequently. White and Barton (1997); 
Li and White (2003) used the Ferron Sandstone outcrops to develop a novel grid 
construction technique that can be constrained by high-resolution outcrop 
stratigraphic data. 
White and Barton (1997) small-scale 2D geological models of the delta plain 
environment (Picture Flats outcrop) contained more tortuous flow paths and had 
lower recovery efficiency than comparable models of the delta front environment 
(1-70 outcrop). They found features like shale barriers and mud-filled channels 
reduced sweep and recovery. 
However, the 2D models cannot capture the correct 
interz)k'', OD between the reservoir architecture and fluid flow, because a 2D model 
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presumes the geological feature to be uniform in the third dimension. Li and White, 
(2003) conducted a flow simulation on a 3D geological model of the Ferron 
sandstone. They mapped the variogram of the dimensions and orientations of shale 
throughout a 3D volume using nearby cliff exposures. Their 3D modelling 
demonstrated that heterogeneity reduced the breakthrough time. However, the volume 
of the 3D model (150m x 110m x 12m) was not large enough to capture larger, 
reservoir-scale heterogeneities such as channel sandbody architecture. White and 
Barton (1997) conducted tracer simulations of flow, which did not investigate the 
interaction between multi-phase flow and the effect of gravity. Moreover, neither 
study of the Ferron Sandstone made clear what are the key factors influencing 
water/gas flooding oil recovery. 
The depositional environment of the Ferron Sandstone is different from that of the 
Pereriv Suite within the ACG field, because the Ferron Sandstone contains evidence 
of marine influence. For example, the Ferron sandstone contains barrier, lagoonal, 
estuarine and coal deposits, some of which have not been found in the ACG reservoir. 
The Pereriv Suite reservoir in the ACG field is evidently a highly fluvi al- dominated 
type of delta (Kroonenberg et al. 1997; Anna 2003). Moreover, the paleo-Volga delta 
was connected to an inland lake and the rapid lake level changes caused the highly 
layered properties of the ACG stratigraphy. The internal architecture therefore is 
different between the two fluvial-deltaic systems. 
The outcrop analogues used in this research project consist of Pereriv Suite and 
Balakhany Suite strata exposed on the Apsheron Peninsula c. I OOkm north-west of the 
e1d; the lower interval of the Productive Series in Kirmaky Valley and the ACG fi ý 
*.,, ure T\N,, () outcrops uppcý -itevval in 
Balakhany Quarry and Yasamal Valley (F',, o, 
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have been selected as specific analogues for the ACG reservoir, based on the similar 
depositional environments interpreted for both outcrops to those of the ACG reservoir 
(Reynolds et al. 2003; Reynolds and Riley 2003). These outcrops are described in 
Reynolds et al. (1998,2003); Reynolds and Riley (2003) and Hinds et al. (2004). This 
research study adopted the analysis of Reynolds et al. 2003; Reynolds and Riley 
(2003), which compared the outcrop and subsurface sedimentology to select 
appropriate analogues based on lithofacies composition, grain size and NTG in 
different layers. 
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Figure 2.5. (A, top) Conceptual diagram of high NTG reservoir architecture in Pereriv B and D layers. Figure 
based on outcrops located at Balakhany Quarry. The sandbody circled shows an example of the internal complexity of 
each sandbody (Reynolds and Riley 2003). (13, bottom) Conceptual diagrams of low NTG reservoir architecture in 
Pereriv A, C and E layers. Figure based on outcrops located at Yasamal Valley (Reynolds and Riley 2003). 
The Balakhany Quarry is an outcrop analogue for high NTG intervals of the Pereriv 
Suite (Pereriv B and D) and the Yasamal Valley outcrop is analogous to the low NTG 
Balakhany Suite and Pereriv A, C and E intervals (Reynolds and Riley 2003). 
Reynolds et al. (1998) outlined four facies associations present in both outcrop and 
subsurface data that encompass a range of paleoenvironments within 
fluvial-doi, 11knai-ed deltas, namely: (1) fluvial, (2) delta plain, (3) proximal delta front 
and ýtal 
delta front. In each facies association, there is an ahundanc- of 
55 
sedimentary structures deposited by unidirectional currents, an absence of 
bioturbation, and a lack of wave- and tide-generated structures. The four facies 
associations are arranged into an architecture controlled by lake-level changes. 
Sandbodies in the fluvial, delta-plain and proximal delta-front facies associations are 
generally sharp-based with a fining-upward trend in grain size. The sandbodies are 
observed at outcrop to define channels of varying width, which are interpreted to 
represent deposition in either fluvial. channels or fluvi al- dominated distributary 
channels. The fluvial facies association contains the coarsest grain size, with channel 
sandbodies comprising coarse-grained sandstone at their bases and fine-grained 
sandbodies comprising coarse-grained sandstone at their bases and fine-grained 
sandstone at their tops, suggesting relatively high porosity and permeability. This 
facies association also contains only a small degree of internal heterogeneity, because 
channel sandbodies are densely stacked together, and is thus considered to have the 
best likely reservoir performance (Reynolds et al. 1998). The delta-plain facies 
association also contains multi-storey channel sandbodies of upward-fining or 
uniform grain size trend, but the likely reservoir performance of this facies 
association is dominated by the occurrence of laterally extensive flood plain shales 
that can act as barriers to vertical flow. Proximal delta front and distal. delta front 
facies associations are characterised by fine-grained sandstones and interbedded 
siltstones, which causes strongly layering within reservoir. These facies associations 
are expected to have poor reservoir characteristics (Reynolds et al. 1998; Hinds et al. 
2004) 
The ACG reservoir contains a number of geological features at different length 
scales which can also be identified from the outcrops, such as channel sandbodies of 
variabic ý., eometry (channel width and thickness) and variable distribution 
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(single-storey channels and multi-storey channel belts), and mudstone layers of 
variable lateral extent. 
Weber (1986) highlighted that geological heterogeneities cannot be neglected and 
that simple averaging procedures cannot lead to reliable results. However it is very 
time consuming to study all known heterogeneities; thus it is not feasible to input all 
possible geological features within a reservoir model. The question is which types of 
heterogeneity have a major influence on reservoir performance? 
2.4. Impact of sedimentological/geological heterogeneity on 
flow 
Many studies have demonstrated that ignorance of geological heterogeneity will lead 
to inaccurate prediction of reservoir performance (e. g. Weber 1986; Suro-Perez et al. 
1991; Darnsleth et al. 1991; Jones et al. 1994, Jones et al. 1995; Kjonsvik et al. 1995; 
Jackson and Muggeridge 2000; Larue and Friedmann 2005; Larue and Hovadik 
2006). 
Weber (1986) indicated that although many cases in history have demonstrated the 
role that geological heterogeneity plays on recovery, it is still very difficult to derive 
general conclusions and principles about what part these geological features would 
play in a new field. This is because the geological heterogeneities can react 
differently depending on other reservoir environment parameters, like mobility ratio, 
PVT properties, displacement mechanism, reservoir dip, aquifer strength, oil column 
and well spýicing. Therefore, a reservoir 
heterogeneity study is required for each 
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individual reservoir development project. Lasseter (1986) indicates that the challenge 
of reservoir modelling is the need to describe reservoir geology realistically and also 
to make sure the model behaves accurately and efficiently. In addition, Weber (1986) 
also demonstrated that geological heterogeneities at different length scales influence 
fluid flow in different ways. For example, on a small scale where capillary forces play 
a major role, heterogeneity can cause oil entrapment (e. g. inclined shales that caused 
bypassed oil in Jackson and Muggeridge 2000), whereas, on a large scale the viscous 
and gravity forces become more significant. Large scale geological heterogeneities 
like barriers, faults or contrasts in permeability cause the problem of bypassed oil. 
Ottesen et al. (2005) examined the influence of varying the properties of faults on 
recovery. In their work, the fault density and transmissibility are the two most 
significant factors that influence the recovery factor of a reservoir. Li and Lake (1995) 
studied immiscible displacements through a heterogeneous system at different length 
scales. They found that, local and global heterogeneities cause fingering and 
dispersive flows, while zonal heterogeneity causes channelling. From the results of 
these studies, it is clear that heterogeneities at all length scales are potentially 
important for reservoir performance. Therefore, to accurately model and simulate a 
reservoir, it is necessary to build models that include all the geological features. 
However, not all the heterogeneities necessarily have a significant impact on recovery, 
and because of the limitations of computational power and time it is not feasible to 
model and simulate all the heterogeneities across the various different length scales. 
Reservoir heterogeneity is hierarchical in nature. The geometries and mutual 
relationships of component facies have a wide range of scales. Identifying the 
influence of heterogeneity factors at each individual length scale could be a better 
approach to understanding reservoir performance than 
including all possible 
paral. -I,,, ýters 
in a single model. 
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Previous research suggested different schemes for defining the hierarchy of 
geological heterogeneities by their length scale (e. g. Miall 1985; Weber 1986; 
Haldorsen 1986; Miall 1988; Van de Graaff and Ealey 1989; Jones et al. 1992). The 
different schemes were largely dictated by the nature of the successions studied. 
There is no universal guideline for how to divide the lengthscale intervals in order to 
capture the various heterogeneities in a reservoir model. How boundaries between 
different lengthscales are drawn depends on the depositional environment of the 
reservoir. Therefore, for a particular reservoir it is necessary to assess at what scale 
the reservoir is to be modelled in order to know which geological heterogeneities 
needs to be captured explicitly. Various lengthscales of heterogeneity are identified, 
from the basin scale (100's m and larger) down to the pore scale (10-100's nm) 
(Weber 1986; Van de Graaff et al. 1989). Figure 2.6 demonstrates the hierarchy of 
reservoir heterogeneity suggested by Weber (1986). Within the ACG reservoir, major 
structural heterogeneities are only recognized at a scale that is larger than the sector 
models that were used to study the displacement between injector and producer wells. 
This research is mainly focused on heterogeneities at the reservoir-unit and 
genetic-unit scales. 
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Figure 2.6. Weber's 1986 hierarchical of reservoir heterogeneity at different length scales; example from a fluvial 
reservoir. 
2.4.1 Impact of fluid type and production mechanism 
It is recognised that geological heterogeneities can behave differently under various 
flow mechanisms (e. g. displacement fluids of varying mobility ratio; Weber 1986). In 
the ACG reservoir, both water and gas injections are applied in order to enhance oil 
recovery. There are plenty of field examples for using water flooding to enhance oil 
recovery, but only i-elatively few using gas injection. 
6¬) 
There are records of applying gas injection to increase oil recovery in Venango 
County, Pennsylvania USA as early as 1890. Some large oil field operations also 
applied gas injection (e. g. Jones Sand Pool in Arkansas, USA; Mile Six Pool in Peru-, K- 
Frio Sand reservoir in south Texas, USA; Brent Field in the North Sea; Broekers and 
Dorp, 1986; Burns et al., 2002; Hawkins Woodbine Field in Texas, USA; King et al., 
1970 and Prudhoe Bay in Alaska, USA. ) is a gas injection project that is very similar 
to the ACG development project, because both fields have fluvial-deltaic reservoirs. 
One major difference is that the gas injection in ACG is considered to be immiscible 
whereas the gas injected in Prudhoe Bay was classified as a miscible displacement. In 
other words, the phase behaviour effects between the injected gas and the resident oil 
and gas phases have been treated negligible in ACG (miscible pressure). 
The reason that gas injection projects are not as common as water flood projects 
may be because sufficient gas is not always available for re-injection. Also, gas has a 
much lower viscosity than oil, and therefore unstable displacement normally occurs 
(gas override) unless the reservoir and displacement conditions can fulfil Dietz's 
condition for stable displacement (Dietz 1952; Dake 1978; see Chapter 3). Indeed, the 
main differences between gas-oil and water-oil displacements, is that gas-oil 
displacement has a much higher mobility ratio between the two fluids. Because of 
these differences, by using different production mechanisms, the same reservoir can 
give a completely different performance. (e. g. Ringrose et al. 1993). According to 
Dietz's theory, a displacement can be stabilised by buoyancy forces, and therefore 
gas-oil displacement is more sensitive to heterogeneities that influence vertical cross 
flow, whereas these factors may not be so important 
for mobility stable water-oil 
displacement. 
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The ACG reservoir has a highly layered structure. Also the Azeri reservoir has a 
steep tectonic dip (up to 45'), which makes it unique in comparison with all other 
previous examples of gas injection. With such a steep dip, it is easier to achieve stable 
gas-oil displacement according to Dietz's theory. However Dietz's theory only applies 
to homogeneous models. The previous sections have already acknowledged that there 
are many heterogeneities present at different length scales in the ACG reservoir. 
2.4.2 On field and reservoir-unit scale heterogeneity 
In this investigation, the length scale of reservoir-unit scale features is defined as 
between 100m and lOkm, and the length scale of genetic-unit scale features is 
between lm and 100m (similar to Weber 1986; Van de Graaff and Ealey 1989; Jones 
et al. 1992; Figure 2.7). Van de Graaff and Ealey (1989), Barthel (1991), Suro-Perez 
et al. (1991) and Larue and Friedmann (2005) suggest that production parameters 
(cumulative oil production/water-oil ratio, breakthrough time) are sensitive to the 
geological architecture. Some previous studies have recognised that the most 
important stratigraphic parameters for oil recovery are sandbody continuity and 
interconnectedness (Van de Graaff and Ealey 1989). Sandbody connectivity is 
important for reservoir performance because it sets a boundary for possible flow paths. 
At the reservoir-unit scale, Weber and van Geuns (1990) suggest a scheme to simplify 
reservoir descriptions by introducing a connectivity spectrum for reservoir-unit scale 
sandbody architecture. They suggest that the reservoir architecture can be divided into 
three different types: layer-cake (highest connectivity), jigsaw-puzzle and labyrinth 
(lowest connectivity). Figure 2.8 demonstrates the different sandbody connectivities 
in resel-voir with various generic sandbody architectures. 
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Figure 2.7. Hierarchy of heterogeneity in the fluvial-dominated deltaic Pereriv Suite reservoir of the ACG field. 
The hierarchy is modified from Weber's 1986 scheme. Sub-metre scale (core-unit and pore scale) are not included. 
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Figure 2.8. The three different generic reservoir architectures identified by Weber and Van Geuns 1990. The 
figure demonstrates that different geological features can be found in various types of reservoir which have various 
sandbody connectivities. 
The sweep efficiency depends on different factors for different types of reservoir. 
For a layer-cake reservoir, which contains laterally extensive sandbodies, the sweep 
efficiency is strongly dependent on permeability ordering of layers, gravity effects 
and mobility. A labyrinth reservoir has discontinuous sandbodies existing in a 
complex spatial arrangement, and the sweep efficiency is controlled by the reservoir 
architecture and the position of the wells. The jigsaw-puzzle reservoir is in between 
these two types and all of its description parameters are potentially important. This 
scheme provides a starting point for identifying key geological features. By using 
Weber and van Geuns (1990) classification scheme, the high NTG Pereriv B and D 
layer in the ACG reservoir would be classified as layer-cake system and the low NTG 
Pereriv A, C and E layers Azeri as complex, labyrinth systems. 
64 
There is a strong relationship between NTG and connectivity. King (1990); Hovadik 
and Larue (2007) demonstrated that there is a threshold value of NTG at which 
connectivity is established. Once the NTG in a 3D system drops below c. 30-35c7c the 
sand connectivity decreases rapidly, assuming that sandbodies are randomly 
distributed. The threshold is much higher in a 2D system (c. 55-60% NTG). Larue and 
Hovadik (2006) demonstrated that for a system with the same NTG, the reservoir unit 
geometry also contributes to connectivity. They demonstrated that parallel channel 
sandbodies of low sinuosity in a 3D reservoir system tend to behave as a quasi-2D 
system, because channels do not intersect within stratigraphic layers. Therefore, the 
sandbody connectivity of such systems is much lower than that of systems with the 
same NTG but different stratigraphic architecture. These studies (King 1990; Larue 
and Hovadik 2006; Hovadik and Larue 2007) provide some insight into what 
researchers need to be aware of when studying reservoir connectivity. However, the 
studies focus on the static structure of reservoirs, and provide limited insight into how 
displacement would be influenced in systems of different connectivity. 
Barthel (1991) investigation on the impact of fluvial reservoir architecture on 
recovery demonstrated that channel density, distribution and permeability contrasts 
between channels have an important influence on displacement efficiency. However, 
their work did not demonstrate the interaction between the geological features and 
different production mechanisms, nor did it explain how the geology influences oil 
recovery. A recent study of waterflood application in conceptual channelized 
reservoirs (Larue and Friedmann, 2005) demonstrated, using a number of different 
reservoir models with similar connectivity but different reservoir architecture, that the 
recovery efficiency was very similar 
in each case. Sandbody connectIvIty has a bigger 
influerce on recovery efficiency than the different reservoir architecture, and 
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therefore the focus should be on studying the parameters that control sandbody 
connectivity. p to this point, it is clear that, at reservoir-unit scale, it is necessary to 
identify the geological heterogeneity that has the largest influence on connectivity and 
displacement efficiency in order to characterise recovery efficiency. 
There have been many previous sensitivity studies on geological heterogeneities (e. g. 
Jones et al. 1994,1995; Kjonsvik et al. 1995; Jackson and Muggeridge 2000). Jones et 
al. (1994) studied two high NTG fluvial reservoir examples with a water flooding 
recovery scheme, and showed that when the reservoir NTG was higher than 75%, the 
fluvial reservoir behaved like a homogeneous reservoir (i. e. layer-cake structure). 
Their study showed that the permeability contrast between sandbodies is important. 
However, it did not address the complex interaction between displacement and the 
characteristics of a fluvial reservoir (i. e. channel sandbody dimensions and 
distribution, or the upward-fining character of fluvial sandbodies). The study 
characterised the reservoir by distributing sand and shale rather than constructing an 
object-based model to characterise the depositional environment. 
Studies of low NTG fluvial reservoirs (Jones et al. 1995) and shallow-marine 
reservoirs (Kjonsvik et al. 1995) have shown that sub- seismic- scale sedimentary 
heterogeneity has an impact on waterflooding performance. These studies ranked the 
influence of heterogeneities in the different depositional environments on sand 
connectivity and cumulative oil recovery at different recovery stages. They provided 
a basis for understanding the key geological heterogeneities and the sensitivity of the 
reservoir performance to them. Jones et al. (1995) 
demonstrated that the number of 
channel sandbodies within a channel 
belt and the channel width and thickness affects 
the w, li, flood performance 
in a low NTG fluvial reservoir. The work of Jones et al. 
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(1995) and Kjonsvik et al. (1995) helps one to reduce the uncertainties who studying 
these two types of reservoirs. However, no similar investigation has been conducted 
on fluvial-deltaic reservoirs; studies of sensitivity analysis on the interaction between 
geological heterogeneities and immiscible gas- flooding recovery schemes is also 
limited. 
At the reservoir-unit scale, the features that control sandbody connectivity have a 
major impact on the entire reservoir recovery efficiency. For channelised reservoir 
systems, features such as channel width and thickness, sinuosity and stacking patterns 
are all potentially important for reservoir performance. Geological features within 
each genetic sandbody contribute to displacement efficiency. For example, vertical 
permeability variations within channel sandbodies and discontinuous shale barriers 
occur within reservoirs, and numerous studies have demonstrated that these features 
have a significant impact on displacement. (e. g. Weber 1982; Haldorsen and Lake 
1982; Haldorsen and Chang 1986; Hartkamp-Bakker 1993; Ciarnmetti et al. 1995; 
Jackson and Muggeridge 2000). Therefore it is necessary to identify which 
genetic-unit scale heterogeneities would influence reservoir performance. 
2.4.3 On genetic-unit and smaller scale heterogeneity 
In this study, the length scale of genetic-unit scale heterogeneities is defined as 10s 
-100s of meters (Weber et al. 
1986; Figure 2.6 and 2.7). Features within architectural 
elements like channels and bars are considered to belong to the genetic-unit scale. It 
is considered that mud-clast lags at channel bases, the vertical permeability variation 
within a sandbody, the ratio of the vertical and 
horizontal permeability within sand 
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facies (Kv: Kh), and shale bodies of various geometries (both exten,, ive or 
discontinuous) belong to this scale. 
Jones et al. (1995) (in fluvial reservoirs) and Kjonsvik et al. (1995) (in 
shallow-marine reservoirs) have compared the influence of geological heterogeneities 
at different length scales. Although their research demonstrated that the most 
dominant heterogeneities are the large-scale geological factors, they also suggested 
that smaller scale heterogeneities cannot be neglected. Jackson and Muggeridge 
(2000) suggested that small-scale heterogeneities are even more important than 
large-scale heterogeneities within the tidal environment. This research found that 
permeability contrasts due to this heterogeneity within larger scale objects were 
greater than the permeability contrast between objects. Another study on tidal 
reservoirs by Brandsater et al. (2001) used single phase tracer simulations to study 
reservoir performance. Their research found that the Kv: Kh ratio at facies scale has 
an important effect on the production profile. Their work was mainly based on single 
phase tracer simulation and did not take gravity and capillary effects into account. 
Many reservoir models characterise genetic-unit scale feature by using grid based 
modelling schemes and assigning the petrophysical parameters (i. e. different rock 
properties) stochastically to grid cells, with constraints provided by well data. 
However, by only using this type of grid-based modelling technique, aspects of 
reservoir geology can be neglected. 
Another way of characterising genetic-unit scale properties is to simplify the 
reservoir desci-iption of geology to reservoir 
(sand) and non-reservoir facies (shale). 
In facý (nany reservoir objects 
in various depositional environments contain 
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discontinuous shales which act as barriers to fluid flow. It is traditionally recognised 
there are two ways to deal with discontinuous shales: (1) to model shales explicitly 
and (2) to estimate the effective Kv: Kh ratio of a system that contains discontinuous 
shales (Begg and King 1985; Haldorsen and McDonald 1987). In this study, 
genetic-unit scale geological features (e. g. upward trends in grain size within 
sandbodies) will be explicitly included in reservoir models. These features are 
constrained by sub-surface measurements and outcrop analogue data for the 
Productive Series. 
2.5. Modelling of flow in heterogeneous reservoirs 
2.5.1 Object based modelling 
Many studies adopt grid-base modelling techniques for reservoir modelling. It is a 
common practice to characterise and model reservoirs by stochastically distributed 
petrophysical properties within sand facies. (e. g. Darnsleth et al. 1991). Although grid 
base modelling techniques honour well data, they often neglect reservoir geology. 
Wang and Shibli 2001) stated that simple grid-based modelling schemes cannot 
represent complex geological shapes. Many researchers suggest that object-based 
models would generate a better characterisation of the fluvial or fluvial dominated 
deltaic reservoir at the large scale (e. g. Deutsch and Wang 1996; Deutsch and Tran 
2002; Shmaryan and Deutsch 1999; Chike and Onyekonwu 2005). 
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Deutsch and Wang (1996) and Deutsch and Tran (2002) used an object-based 
stochastic modelling approach to model fluvial systems and demonstrated the 
following advantages: 
1. Geologically intuitive and accessible input data control channel sizes and shapes. 
2. Explicit control over vertically and areally varying facies proportions. 
3. Realistic channel geometries. 
4. Realistic non-undulating channel-top surfaces. 
5. Integrated porosity and permeability models, in which the main directions of 
continuity conform to channel geometries. 
Object-based modelling has its limitations, because the algorithm may find it 
difficult to honour well data given that there is a fixed range of the geometry of 
geological objects present in the reservoir model. Nevertheless, it is considered that 
object-based modelling would provide the most realistic reservoir descriptions for the 
fluvial dominated reservoirs and lead to the most reliable results. The object based 
modelling technique will be adopted for this research project since the advantages of 
the scheme were demonstrated by a number of previous studies. Also, as there are no 
specific well data to honour in the models, the limitations of the technique are 
reduced. 
A number of deterministic reservoir models could be constructed based on all 
possible interpretations, in order to study reservoir performance. This is obviously not 
feasible given reasonable time and computing constrains. Therefore some statistical 
approach has to be adopted in order to conduct the investigation in an efficient way. 
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2.5.2 Sensitivity analysis techniques 
Darnsleth et al. (1991); Haldorsen and Darnsleth (1990) paper stated that it is 
necessary to generate a number of realisations of reservoir architecture of a model for 
reservoir modelling purposes, but it is unwise to focus on the least relevant 
uncertainties. Therefore it is necessary to conduct screening studies. Screening the 
impact of heterogeneities creates the challenge of dealing with a large number of 
parameters. Previous research studied the effects of heterogeneities on production in 
different environments (Jones et al. 1994,1995 in fluvial reservoirs; Kjonsvik et al. 
1995 in shallow-marine reservoirs; Jackson et al. 1999 in tidal environments). In their 
work, they applied experimental design methods to conduct the sensitivity analysis 
and to identify the key heterogeneities impacting on reservoir performance. 
Experimental design is a way to conduct experiments with the aim of obtaining 
information efficiently. This statistical technique was developed in the 1920s for 
agricultural applications, but a more modern application was introduced by Box et al. 
(1978). The technique was first used in the oil industry in the early 1990s (C. Chu 
1990; Chu 1990; Darnsleth et al. 1991). Experimental design has subsequently 
become a popular technique (Friedmann et al., 2001; White and Royer 2003; 
Manceau et al. 2001; Cheong and Gupta 2003; McLennan and Deutsch 2005; Peake 
et al. 2005; Salhi et al. 2005) 
The experimental design method applied in this research is called fractional factorial 
design. Chu, (1990) paper is recognised as the first group of studies using fractional 
factional design to investigate the impact of different heterogeneities on project life Z-- 
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time, recovery and cumulative steam-oil ratios. This technique enables the maximum 
amount of information to be extracted whilst minimising the number of simulations. 
The technique calculates the average impact of varying the parameter to the objective 
function by changing the parameter from one setting to another. Therefore, instead of 
testing all the possible outcomes from the different parameter settings, this technique 
can rapidly identify those input parameters that have the most significant influence on 
the objective value. The result of varying each parameter can be ranked by the 
magnitude of impact upon a chosen objective measure (Box et al. 1978; Montgomery 
2005). 
Experimental design has its limitations. The method can only identify which 
parameter is the most important for a specific measure; it cannot explain the reason 
behind this result. Therefore, further simulations are typically required. Another 
problem in using experimental design is that the results change with time for 
objective measures that involve dynamic behaviour (Peake et al. 2005). For example, 
the most influential factor on oil recovery after one pore volume of injection may be 
insignificant when the measurement is taken at another time; the experimental design 
method is not able to identify the relationship between these various measures. 
Nevertheless, the experimental method still provides a great advantage by screening 
the most significant heterogeneities impacting on the objective measure and filtering 
out any factors that are not important. Fractional factorial design provides great 
advantages in time efficiency, because if requires few simulations. 
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2.5.3 Top-Down reservoir modelling scheme 
The presence of heterogeneity at different length scales in a reservoir has already 
been recognised. Heterogeneities at length scales smaller than genetic-unit scale (e. g. 
cross-bedding, lamination and various pore networks) are often too fine to be 
captured within reservoir-scale models. To model core-scale heterogeneities requires 
high grid resolution, which in turn requires a high number of grid cells. This is time 
consuming and computationally expensive, and therefore is not feasible. 
The length scale of core-scale heterogeneity is defined as 0.1 cm to Im (Weber 1986). 
At this scale, heterogeneities that control permeability include grain size and sorting, 
cross-bedding, lamination and the continuity of different facies types. There is a 
limitation on time and computational power to honour all the information at all 
length-scales, commonly heterogeneities at core-scale are treated by using an 
upscaling technique to obtain pseudo or effective properties on a larger scale 
(Haldorsen 1986). The problem of upscaling is that the process causes loss of 
information on lateral continuity and barrier distributions (Lasseter et al. 1986 
Lasseter 1986). Sablok and Aziz 2005) point out the problems of existing upscaling 
techniques. 
1. Total upscaling errors. The technique assumes that flow equations do not change 
with scale. This is not always true when the flow pattern is modelled at different 
scales, and the boundary conditions of the volume are subjective. 
2. Error due to loss of heterogeneity. Most techniques assume flow in coarse grids is 
uniform ý, vhich is not true. For example, when the reservoir includes channel 
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sandbodies of higher permeability than the background facies, fluids move faster in 
the channel sandbodies. Such phenomenon would be omitted using standard 
upscaling techniques. 
3. Discretization errors. The multiphase pseudoisation technique is still developing 
and upscaling techniques are not sufficient to generate reliable results when dealing 
with multiphase displacement within coarse grids. 
In order to limit the use up-scaling technique, a 'top-down' reservoir modelling 
scheme has been adopted in this research. The scheme's philosophy is to start the 
investigation with the simplest possible model (i. e. consider only large-scale 
heterogeneity) and add details later if required, based on uncertainty analysis. A 
top-down modelling scheme has the advantage of reducing research time because it 
obviates the need to study issues which are not critical (Williams et al. 2004). 
2.6. Summary 
From a combination of outcrop and subsurface data, and in the context of the South 
Caspian Basin geology, the Pereriv Suite reservoir of the ACG field was deposited by 
a fluvial-dominated delta system that is controlled by rapid lake-level changes. 
Fluvial and deltaic reservoirs have complex heterogeneities, such as channelised 
sandstones with variable connectivity and mudstone barriers of variable extent. The 
heterogeneities may have a great impact on reservoir perfon-nance. Therefore it is 
necessary to conduct an investigation of the impact of heterogeneities on the 
performance of the ACG reservoir. 
74 
There have been previous studies that have characterised geological heterogeneity 
in fluvial-deltaic reservoirs. However, the architecture of these reservoirs is different 
to that of the ACG field, which has a steep tectonic dip and two different recovery 
schemes. Different layers of the Azeri reservoir have high and low NTG values. Thus, 
geological heterogeneities observed in outcrop and sub-surface data will potentially 
have a large impact on the reservoir performance. 
The approach taken in this research is to compare gas and water injection in models 
that contain heterogeneities at different length scales. Comparison of modelled 
reservoir performance for immiscible gas and water injection displacements will 
indicate which heterogeneities are important in the Azeri reservoir. To conduct this 
investigation a 'top-down' reservoir modelling scheme is applied. By using this 
'top-down' approach, the investigation starts from studying the displacement 
behaviour in the simplest structure of the reservoir and progressively adding 
complexity and smaller scale features to the investigation. Moreover, in order to 
honour the reservoir geology and characterise the reservoir realistically, an 
object-base modelling scheme is applied. Because of the large number of geological 
features that are involved, it is not feasible to construct reservoir models based on all 
possible interpretations, therefore an experimental design method is applied in order 
to obtain efficiently filter out the most significant heterogeneities that influence 
displacement. 
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Chapter 3 
Preliminary displacement study 
3.1. Overview 
Following the 'top-down' approach, this chapter starts by analyzing the 
displacement behaviour in Azeri from a point where all the reservoir properties are 
uniform. There are some classical analytical methods that allow the estimation of 
reservoir performance, assuming a simplified reservoir description. These methods 
provide references by which a reservoir engineer can understand reservoir behaviour 
based on the given fluid properties and operating conditions (e. g. well spacing or 
production rate). 
Production rate is one of the items that a reservoir engineer can control in order to 
optimize the performance of a reservoir. The effects of the variation in production rate 
have been studied in the past (e. g. stability analysis; Dietz 1952 or coning effects; 
Urbanczky and Wattenbarger 1994). These studies suggested that reservoir 
performance can be influenced by the production rate. For example, high production 
rates can lead to the occurrence of coning, and recovery will be reduced because of 
the early water or gas breakthrough (Ekrann 1992). With mobility unstable 
displacement schemes, gravity tongue form during the displacement causing early 
breakthrough of the displacing phase at the production wells. Previous work (e. g. 
Dietz 1952; Kleppe 2004) demonstrated that such phenomena can be avoided or 
minimized by gravity force in a segregated displacement. Dietz (1952) suggested that 
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when a suitable production rate applies, the gravity segregated front moves through 
the reservoir without changing its shape. That means a gravity 'stable' displacement 
occurs. The maximum production rate for a gravity stable displacement in a 
homogeneous reservoir is the so called Dietz's critical rate. 
This chapter started by introducing the fluid and rock properties of the Azeri Field. 
Secondly, both Buckley-Leverett flow and segregated flow models were used to 
estimate reservoir performance (cumulative oil recovery and breakthrough time). A 
Dietz stability analysis was conducted to determine the displacement stability for the 
Azeri Field oil recovery process, assuming segregated flow. Finally reservoir 
performances under segregated flow models were cross compared. 
3.2. Aims 
1. Obtain a preliminary understanding of the reservoir performance. 
2. Identify the conditions for a stable gas-oil displacement in the north flank of 
central Azeri and water-oil displacement in the south flank of Azeri. 
3.3. Introduction of reservoir properties 
The Azeri Field has different dip angles in its north and south flanks and is being 
developed by down-dip water injection in the south flank, and up-dip immiscible gas 
injection in the central north flank (Figure 1.1). In the south flank, the dip is between 
c. 5'-30' depending upon location whereas in the north flank the dip is between 4"- 
c. 25'-45' depending upon location. As 
described in Chapter 2, the reservoir nterval 
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was known as the Productive Series. Within the Productive Series. the Pereriv Suite 
was identified as the major I ithostrati graphic section that contains hydrocarbon 
bearing sandstone. In this chapter, the displacement study was focused on the 
inter-well region within the Azeri Field (Figure 3.1). Therefore the model width and 
length was correlated with the well spacing in the north and south flank. For the 
analytical calculation, the length of each north flank model was 1900m and for each 
of the south flank models it was 478m (Figure 1.1B). The width of each model was 
the same as the production well spacing, which was 750m. The Pereriv Suite was 
sub-divided into five layers (Pereriv A-E) by the vertical variation in NTG and by the 
presence of potentially extensive shales between each interval (Reynolds et al. 2003; 
Reynolds and Riley 2003). However, it was not clear whether these shales completely 
isolate each layer. It was possible to study displacement within the Pereriv Suite 
through two different approaches: 
1. Each Pereriv Suite layer A-E was isolated by shale. Therefore the displacement 
was examined separately in each layer. 
2. The Pereriv Suite acted as a single reservoir with averaged properties. 
The thickness of the model therefore depended on whether the Pereriv Suite layers 
were studied together or in isolation. The dip angle of the north and south flank were 
assumed to be 350 and 21' respectively. Figure 3.1 surnmarises the geometry of the 
analytical model. 
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Figure 3.1. Geometry of the sector reservoir model for the analytical study. The distance between production 
wells was chosen to be the width (W) for the analytical study which is 750m. The length (L) is 1900m for the north flank 
models and 478m for the south flank models. The thickness (H) of the model depends on which layer of the Pereriv 
Suite is being studied. 
Fluid properties 
Oil Water Gas 
Density (k gM-3) 738.1 1038 88 
Viscosity (kgm-'s) 6.3xl 0-4 45xl 0-4 3. OxlO-5 
Reservoir properties 
Pereriv A Pereriv B Pereriv C Pereriv D Pereriv E Total Pereriv Suite 
Net-to-Gross (NTG) 50% 92% 45% 86% 50% 73% 
Sandbody porosity 20% 20% 20% 20% 20% 20% 
Mean porosity of layer 10% 18% 9% 17% 10% 15% 
Sandbody permeability; k (mD) 178 178 178 178 178 178 
IMean permeability of layer; k (mD) 89 163.76 80.1 153.08 89 129.94 
I Cross-sectional area (M) 6.4xl 03 27. OxlO3 19.3xl 03 20.8xl 03 3.2xl 03 76.5xl 03 
Table 3.1. Table of critical reservoir properties obtained from Azeri for analytical calculation. 
In order to simplify the problem a single value of sandbody porosity and 
permeability was used to represent the general Azeri Field rock properties. Therefore 
the mean value of porosity and permeability of each Pereriv Suite layer was 
correlated with their NTG. The NTG for the whole Pereriv Suite was obtained by 
using the arithmetic average according to the NTG and volume of each sub-Pereriv 
layer. The general rock and fluid properties of ACG are surnmarised in Table 3.1. 
Pereriv B and D were considered as the major oil bearing intervals, because of the 
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high quality of sand and high NTG. However, although Pereriv C had a lower NTQ it 
could also be considered as part of the reservoir. The relative permeability curves 
were averaged from rock samples from various locations within the field. Therefore, 
these relative permeability curves represent the general character of the Azeri Field. 
The average gas-oil and water-oil relative permeability curves against water/gas 
saturation data are shown in Figure 3.2. 
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Figure 3.2. Gas-oil (A, top) and water-oil (B, bottom) relative permeability curves in the Pereriv Suite 
reservoir of the Azeri Field. 
3.4. Displacement under Buckley-Leverett flow conditions 
The Buckley-Leverett flow model developed by Buckley and Leverett (1942) 
combined with the Welge (1952) graphical technique provides a rapid method for 
estimating reservoir performance; during immiscible displacement. The 
Buckley-Leverett flow model assumes constant saturation in the direction 
perpendicular to the principle flow. Buckley-Leverett flow occurs when vertical 
equilibrium is not achieved and the effects of capillary and gravity forces are 
negligible. Buckley-Leverett flow can also occur when the capillary transition zone is 
much thicker than the reservoir thickness and vertical equilibrium is achieved (Dake 
1978). 
f= 
+ 
kikroWHI 
q, qi 
(Apg sin 0) 
+ 
lif k 
krf go equation 3. A 
Equation 3. A is the fractional flow equation used in Buckley-Leverett flow model 
for flow behavior analysis such as breakthrough time or cumulative oil recovery. 
Gravity can be taken into account for the fractional flow calculation. This is important 
because both flanks of Azeri Field have relatively steep dips. For more details of the 
Buckley-Leverett flow model see Buckley and Leverett (1942), Dake (1978), Schulte 
et al. (1990) and Kleppe (2004). 
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3.5. Displacement under segregated flow conditions 
Another analytical method assumes that displacement occurs under segregated 
flow conditions. The Dietz (1952) theory assumes that a sharp interface exists 
between the displacing and displaced fluids, with no capillary transition zone and no 
mobile oil present in the gas invaded zone. The segregated flow model assumes that 
vertical equilibrium is achieved in the displacement and because the capillary force is 
neglected therefore only gravity is responsible for the fluid distribution in the vertical 
direction (Dake 1978). 
Stability of Water Oil Displacement In Dipping Beds I 
0 Stable 
0 Conditionally Stable 
0 Unstabie 
4 
Figure 3.3. Different stages of a displacement's stability under segregated flow conditions. 
Segregated flow can be regarded as gravity stable or unstable in a dipping reservoir, 
depending on the conditions of the displacement mechanism. Figure 3.3 shows the 
different gravitational stability conditions for segregated flow. The displacement 
gravitational stability condition depends on the balance between 4cravity and VISCOUS 
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force. For the gravity unstable condition the injectant (gas/water) will over-ride (gas) 
or under-ride (water) the oil zone towards the producer, if its mobility is higher than 
the mobility of oil. However, if a displacement is gravity stable, such over-riding (gas) 
or under-riding (water) effect will be prohibited by gravity force. The net result is that 
the injectant and oil will form an interface with a constant length, thus a stable 
displacement will occur. 
The 'end-point' mobility ratio M and 'dimensionless gravity number' G are used 
to indicate the displacement stability. There are 3 cases which indicate whether the 
displacement is stable. 
Nomenclature 
lenqft Fý force, tý bme-, m- massý [=I means'has units of 
End-point mobility ratio 
G Dimensionless gravity number 
0 Reservoir dipping angle [--] radians or degrees 
fir Interface angle N radians or degrees 
k Sandbody permeability [=] L2 
A Cross-sectional area [--] L2 
H Effective flow path thickness NL 
L Effective flow path length L 
IN Effective flow path width L 
Pi Density of phase jN mIL3 
Viscosity of phase iN (F-tfL 2) 
Sandbody porosity [--] fraction 
Relative mobility of phase j [--] (F-tfL 2yl 
q Volumetric flow rate [--] L 3A 
9 Gravitational acceleration rz] Lle 
UT Displacement velocity [=ILA 
kr',, End-point relative permeability of phase iN fracfion 
Subscripts 
f Displacing fluid phase (e. g. gas or water) 
0 Oil phase 
9 Gas phase 
W Water phase 
or Residual oil 
WC Connate water 
Table 3.2. Table of nomenclature of the key parameters in the stability calculation. 
84 
M<i; ß. cze 
1; 8=0 
M> I and G>M- 1 and P>O 
ky 
k' 
j 
/1 0 
G= 
Due to the difference in fluid density, gravity can maintain a flat interface between 
the two fluids, if the rate is relatively low. Such a condition is recognised as gravity 
stable (G>M- 1, M< 1). However, such a condition can be changed for example, when 
a higher displacement rate is applied and the fluid interface angle (fl) is reduced. 
When the fluid contact angle becomes parallel to the reservoir dip (, 8 becomes 0), the 
displacement is described as gravity unstable. Equation IC is the Dietz's critical rate, 
which is the maximum rate that keeps the displacement stabilised by the force of 
gravity. If the production rate exceeds the critical rate, a gas/water tongue will 
penetrate into the oil bearing zone, and lead to early breakthrough, which is also 
kk'rf AApg sin 0 
q, uf 
equation 3. B 
equation 3. C 
understood as a 'gravity unstable' displacement. 
crit 
kk'rf AApg sin 0 
lif (M - 1) equation 3. D 
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3.6. Results 
3.6.1. Buckley- Leve rett flow analysis 
Displacement behaviour of gas-oil and water-oil was first estimated using the 
modified Buckley-Leverett method which includes gravity. The total production rate 
of both north and south flank model was c. 9% ST011P of the whole Pereriv Suite per 
year, which was approximately the target production rate for the Azeri Field. For each 
sub-Pereriv Suite layer, their offtake rate was a fraction of the total production rate 
which was in proportion to their mean permeability and thickness (M). 
Figure 3.4 shows the fractional flow curve for both the gas-oil disPlacement and 
water-oil displacement in the Azeri Field. Since the offtake rate was proportional to 
the kH of each layer, a single fractional flow curve could therefore be used to conduct 
the Buckley-Leverett flow analysis for all the ensembles. The supplementary notes in 
Appendix I shows the relationship between the fractional flow curves and the mean 
permeability related production rate in details. 
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Figure 3.4. Fractional flow curves of gas (A, top) and water (B, bottom). Determination of gas (A, top) and 
water (113, bottom) saturation at the shock front by applying Welge's graphical technique and assuming oil 
displacement from a system with uniform initial connate water saturation (Swc: 0.112) and zero initial gas saturation 
(Sgc: 0). A tangent is drawn to the fractional flow curve from the initial gas/water saturation. The tangent point indicates 
the saturation of the shock front. The intercept of the tangent at f=1 indicates the average saturation behind the front at 
breakthrough time at the production well. 
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The breakthrough time and cumulative oil recovery profile for both gas and water 
injection schemes were estimated using the Buckley-Leverett flow model (Figure 3.5). 
Under the water-oil displacement, the breakthrough time was 6.54 year. The 
estimated cumulative oil recovery at breakthrough (CORB) at south flank Pereriv 
Suite was estimated to be 0.52 PV (Figure 3.5 and 3.6). 
On gas-oil displacement, under the Buckley-Leverett flow model, it was estimated 
that the cumulative oil recovery at breakthrough in all the north flank ensembles was 
0.44PV and the breakthrough time was estimated 5.52 years after injection (Figure 
3.5). 
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Figure 3.5. The estimation of the dimensionless cumulative oil recovery profile (pore volume) and gas cut (A, 
top) and water cut (13, bottom) profile for the ensembles from the north and south flank of the Azeri Field. 
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Figure 3.6. Summary of the breakthrough time (A, top) and cumulative oil recovery at breakthrough (13, bottom) 
in each ensemble under gas and water injection. The results are estimated by Buckley-Leverett flow and segregated 
flow model. 
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3.6.2. Segregated flow analysis 
Following the Buckley-Leverett flow analysis, the reservoir performance can also 
be studied using the segregated flow model. As mentioned earlier, one of the 
approaches to studying displacement within Azeri Field was to assume that the entire 
Pereriv Suite acted as a single reservoir (see Table 3.1). The second approach was 
used to study each sub-divided Pereriv Suite layer independently. Pereriv B and C 
were selected to represent a high and low NTG interval in the Pereriv Suite. Both 
Pereriv B and D high NTG (NTG>70%), whereas Pereriv A, C and E have low NTG 
(NTG<70%) (section 2.2.2). 
Under the segregated flow model, the time to breakthrough under water-oil 
displacement was estimated as 6.31 year (Total Pereriv Suite), 7.25 year (Pereriv B) 
and 7.39 year (Pereriv C layer). The cumulative oil recovery at breakthrough was 
estimated to be 0.5 PV (Total Pereriv Suite), 0.57 PV (Pereriv B) and 0.59 PV 
(Pereriv Q (Figure 3.6). 
Similarly, the breakthrough time and cumulative oil recovery at breakthrough for 
gas-oil displacement was also estimated. Under gas-oil displacement by considering 
the whole Pereriv Suite as one reservoir, displacement mechanism, the segregated 
flow model predicted that the breakthrough time was 7.28 years and the cumulative 
oil recovery at breakthrough was 0.58 PV. In Pereriv B the cumulative oil recovery at 
breakthrough was 0.78 PV after 9.82 years of injection. In Pereriv C the breakthrough 
time was 10.21 years and the cumulative oil recovery at breakthrough was 0.81 PV. 
The results of both breakthrough time and cumulative oil recovery at breakthrough 
under segregated flow model are summarised in Figure 3.6. 
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3.6-3. Stability analysis 
The stability analysis indicated that the end-point mobility (M) of the water-oil 
displacement was 0.63 therefore it was mobility stable (M<I) regardless of 
production rate. On the other hand, the gas-oil displacement was mobility unstable 
because of the large difference in fluid viscosity. For the gas-oil displacement, the 
end-point mobility ratio (M) was 21 which was mobility unstable, however the 
displacement could be stabilised by gravity. As mentioned in section 3.5, the gas-oil 
displacement stability, therefore, depends on the production rate and the reservoir 
properties. Table 3.3 shows Dietz's critical rate for each model. The range of possible 
values of M and G are shown in Table 3.4. Since the offtake rate was proportional to 
the kH of each layer, the dimensionless gravity number G was the same for each 
ensemble. The detailed demonstration of the relationship between the dimensionless 
gravity number G and the mean permeability related production rate is shown on the 
supplementary note in Appendix 1. 
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All Pereriv Pereriv A Pereriv B Pereriv C Pereriv D Pereriv E 
Production rate per well (mrbd) 
Proportional to kH of each layer 29.19 1.80 12.88 4.50 9.18 0.83 
Critical rate (mrbd) 
Assuming north flank dip angle is 250 24.15 1.49 10.65 3.72 7.59 0.69 
Assuming north flank dip angle is 35' 32.77 2.02 14.46 5.05 10.30 0.94 
Assuming north flank dip angle is 450 40.40 2.49 17.83 6.23 12.70 1.15 
Table 3.3. Critical well rates. 
Pereriv Suite 
North flank (gas injection) M=21 
Assuming north flank dip angle is 25' G=16.6 
Assuming north flank dip angle is 35' G=22.5 
Assuming north flank dip angle is 45' G=27.7 
South flank (water injection) M=0.63 
Table 3.4. End point mobility ratio and dimensionless gravity number. 
The gas-oil displacement stability was sensitive to the reservoir properties 
(equation 3Q. The results shown in Figure 3.5 and 3.6 were obtained under the 
assumption that the north flank dip angle was 35', for which the current production 
rate was equivalent to c. 89% of the Dietz's critical rate. The estimated stability 
condition could be changed by variations in the oil production rate. Moreover, 
updating reservoir properties would also affect the stability estimation. Therefore the 
variation in displacement stability conditions was also studied. Applying the same 
production rate to models with different dip angle was equivalent to testing the 
reservoir performance with production rate grater or less than the Dietz's critical rate. 
The reservoir performance with these different dips is surnmarised in Figure 3.7 and 
3.8. When the north flank dip angle was assumed to be 450 (equivalent to 72% of 
Dietz's critical rate) the time of gas breakthrough for the whole Pereriv Suite was 
10.13 years and yielded 0.80 PV at breakthrough. On the other hand, if the dip angle 
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was assumed to be 25' the same offtake rate was equivalent to 121 % of Dietz's 
critical rate, the estimated breakthrough time was reduced to 2.52 year and the CORB 
was yielded 0.20 PV. 
All the results are summarised in Figure 3.6 and Figure 3.8 in order to compare: 
1. ) different assumptions on reservoir layering; 2. ) different flow models; 3. ) different 
displacement mechanisms and 4. ) different stability conditions. 
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Figure 3.7. The estimation of the dimensionless cumulative oil recovery profile (pore volume) (A, top) and gas 
cut (B, bottom) profile for the ensembles under different stability assumptions. The figures covered the case when the 
north flank has different dip angles that equivalent to apply a range of different Dietz's critical rate for the displacement. 
For the range of dip angles from 450,350 to 25' the current the production rate is equivalent to c. 72%, 89% and 121 % 
Dietz's critical rate. 
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Figure 3.8. Summary of the breakthrough time (A, top) and cumulative oil recovery at breakthrough (B, 
bottom) in each ensemble under gas injection. The results estimated using a segregated flow model. The current 
offtake rate applies to reservoir models that have a dip angle equal to 450 , 35' and 25' respectively; that is equivalent 
to 72%, 89% and 121 % Dietz's critical rate that is applied to the model. 
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3.7 Discussion of the Buckley-Leverett flow and segregated flow 
analysis 
3.7-1. Comparison of the Buckley- Leverett flow model and the segregated flow 
model analysis 
For the water-oil displacement, the oil recovery profile predicted by 
Buckley-Leverett and segregated flow models were very similar (Figure 3.5 and 3.6), 
although Buckley-Leverett flow and segregated flow models are based on different 
assumptions. However, because of the limited vertical segregation that occurs within 
the favourable mobility ratio water-oil displacement, there was a good match of the 
results between these two flow analyses. 
With regard to gas-oil displacement, it was observed that the Buckley-Leverett 
flow model predicted a much earlier breakthrough time and a lower CORB compared 
with the segregated flow model. This was because the north flank has a high dip angle 
and gravity had a favourable impact on the displacement. Within the current 
production rate and reservoir properties assumptions, the gas-oil displacement was 
predicted to be gravity stable (section 3.6.3). In the segregated flow model, vertical 
cross flow was taken into account, so the over-ride gas tongue in the mobility 
unstable displacement was stabilised by the force of gravity and the sweep efficiency 
was increased in the north flank Azeri Field. Therefore, compared with the ID 
Buckley-Leverett flow model that assumes zero vertical cross flow, the segregated 
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flow model was more suitable to represent the gas-oil displacement mechanism in the 
north flank Azeri Field. 
3.7-2. Comparison of water-oil displacement against gas-oil displacement 
Water displacement had a later breakthrough time and higher recovery under the 
Buckley-Leverett flow prediction. This was because under the Buckley-Leverett flow 
model gas flooding had lower sweep efficiency in comparison with water flooding as 
gas was more mobile than water so that gas swept less oil from its invaded zone 
compared with water flooding schemes. Within the prediction of the segregated flow 
model, it was observed that gas-oil displacement, in general, has a higher oil recovery 
at breakthrough time and ultimate cumulative oil recovery compares with water-oil 
displacement (Figure 3.5 and 3.6). 
It was considered that the reason for lower ultimate cumulative oil recovery under 
water-oil displacement was due to the lower maximum movable oil saturation under 
water-oil displacement (Figure 3.2). From the recovery profile (Figure 3.5), it was 
found that both gas and water injection mechanisms reached the maximum movable 
oil recovery in year 15. Therefore, the magnitude of the ultimate cumulative oil 
recovery was determined by the maximum movable oil saturation which was 
determined by the relative-permeability curves. From the relative permeability curves 
(Figure 3.2), it was observed that when water saturation reached 0.73 the oil 
relative-permeability was practically zero. Therefore, it was considered that the 
maximum oil that could be recovered was c-0.615 of the pore volume (given that 
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connate water was 0.112; Figure 3.4); whereas under gas-oil displacement 
mechanisms the maximum movable oil was 0.888 of the pore volume. 
3.7.3. Comparison of the different Pereriv Suite model 
Three different reservoir models were used (Total Pereriv Suite, Pereriv B and 
Pereriv Q to represent different assumptions of the reservoir geology. Since offtake 
rate was proportional to M of each layer, the results for Buckley-Leverett flow model 
analysis obtained the same results regardless of the different model size all the 
ensembles (Appendix 1). However, with the segregated flow assumption, both gas 
and water-oil displacement show that a higher CORB was obtained in a thinner layer, 
although each layer had the same G and M value. This was because of the geometry 
effect. Shook et al., (1992) showed that in a dipping reservoir, the thinner the model 
the higher the CORB value if an immiscible mobility unstable displacement had 
achieved vertical equilibrium. This factor will be discussed in more detail in Chapter 
5 and 6. 
3.7.4. Comparison of the different dip angle 
Applying the same offtake rate to the reservoir with the lower the dip angle is 
equivalent (in stability terms) to applying a higher rate to the reservoir with the 
original dip angle (equation 3. Q. For unfavourable mobility ratio displacements with 
production rate above Dietz's critical rate, the displacement is gravity unstable. Thus 
a gas tongue is formed that lead to early gas breakthrough. The results (Figure 3.7 and 
3.8) showed that the unfavourable stability conditions had a negative influence on the 
time of bi-cakthrough and the cumulative oil recovery. 
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However, current production in the north flank provides conditions for the gas 
displacement that were very close to the gravity stable rate boundary. The current 
production rate was c. 89% of Dietz's critical rate, assuming the dip angle was c. 35'. 
Any variation in the conditions (e. g. variation in rock and fluid properties) could lead 
to the displacement becoming unstable. Dietz's stability analysis can be used to 
indicate if a displacement is gravity stable. However, such indication only applies on 
a gravity dominated displacement in which the displacement is under a vertical 
equilibrium (VE) condition. 
3.7.5. Limitation of analytical solutions on gravity assisted displacement 
Most of the previous studies on gravity assisted displacement were based on the 
assumption that VE is achieved (Ekrann 1990,1992, Yortsos 1992). Fayers and 
Muggeridge 1990 extended Dietz's theory in tilted and anisotropic reservoir. 
However their theory was also limited to the condition that the vertical anisotropy 
was not too small (Kv: Kh > 0.3). VE is achieved when maximum vertical cross flow 
is possible. The degree of vertical cross-flow can be indicated by the effective aspect 
ratio RL (Yortsos 1991,1992 and Shook et al. 1992). In a homogeneous system 
without the influence of capillary force, VE will be achieved when gravity dominates 
the displacement. 
L 
rkh, 
RL =- T H C, 
Effective aspect ratio h equation 3. E 
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However, if the offtake rate of a displacement becomes too large, gravity effects 
are reduced and viscous force eventually dominates the displacement. Then no 
vertical cross flow occurs within the displacement and VE is not achieved. The 
balance between viscous and gravity forces in a displacement can be indicated by the 
buoyancy number Ng (Shook et al. 1992). 
Buoyancy number 
Ng = 
kh Ä ADgcos OH 
UTL 
equation IF 
Hence displacement is influenced both by the balance between gravity and viscous 
force (via rate) and by the effective aspect ratio RL. The dimensionless RL impacts VE 
is influenced by the Kv: Kh ratio and the length and thickness ratio of a reservoir 
(Ekrann 1990, Yortsos 1991,1992 and Shook et al. 1992). Any geological 
heterogeneity factor that reduces Kv: Kh of a reservoir such as discontinuous shales 
(Begg and King 1985) may reduce the chance of a displacement to achieve VE. 
However, there has been limited research on the combined influence of geological 
heterogeneities and different balance of gravity and viscous force on displacement. 
Chapter I and 2 demonstrate that there are large numbers of studies showing how the 
heterogeneity has a large influence on recovery. However, heterogeneities exist in 
various length scales and it is not well known how they influence recovery. The next 
chapter will look at which heterogeneity has the largest influence on reservoir 
performance. 
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3.8. Conclusion 
0A Buckley-Leverett flow model predicted earlier gas breakthrough and lower 
cumulative oil recovery for unfavourable mobility ratio gas-oil displacements. 
Buckley-Leverett flow model under-estimated the sweep efficiency for a 
displacement with offtake rate below Dietz's critical rate. As the vertical segregation 
was omitted, the sweep efficiency was only dependent on viscosity rate and relative 
permeability. The advantage of gravity stable displacement was not taken into 
account. 
0 However the Buckley-Leverett and segregated flow model yielded very similar 
results on the time of breakthrough and recovery profile estimation for the mobility 
stable water-oil displacement. 
0 For segregated flow, it was found that the thinner the reservoir the higher the 
cumulative oil recovery at breakthrough (CORB). At the same gravity stability 
condition, the fluids interface contact angle was the same, the thinner reservoir, the 
higher proportion of oil will be recovered at breakthrough. 
The proposed production rate in the north flank was close to the critical rate 
which meant that the gas-oil displacement was very close to the stability limit. 
0 Unfavourable stability conditions have negative impact on breakthrough time 
and CORB. 
0 All the analyses were done in a homogeneous environment. However, no 
reservoir in reality is completely homogeneous. The next question to be addressed is 
how these geological heterogeneities affect the production. 
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Chapter 4 
Screening study of reservoir-unit 
scale heterogeneities 
1. Introduction 
Certain types of heterogeneity can result in a different effect on reservoir behaviour 
depending on the mobility ratio of the fluids, PVT properties, aquifer strength, dip 
angle and method of production (Weber 1986). It is not yet clear how the genetic 
bodies within a fluvial deltaic reservoir have an impact on displacement and recovery 
mechanism. Also, it is not yet clear how they should best be represented in a reservoir 
model. 
The internal structure of fluvial deltaic reservoirs is complex. As discussed in 
Chapter 2, heterogeneities occur over a range of length scales within a given 
depositional environment; from the variation in NTG in different regions of the 
reservoir to the variation of the pore structure. Many researchers have defined 
different ways to draw the boundaries between different length scales. This thesis 
applied the length scale defined by Weber (1986) (for details see Chapter 2). By using 
a 'top-down' approach, this investigation starts from a study of the impact of the 
reservoir-unit scale geological heterogeneities on reservoir performance. 
At reservoir-unit scale, the boundary of the genetic bodies within a fluvial deltaic 
environment such as channel sand bodies or extensive shales control sand body 
103 
connectivity as well as both vertical and areal sweep efficiency. In order to improve 
reservoir performance, it is necessary to identify which geological heterogeneities 
have major impacts on oil recovery during gas or water flooding so that the reasons 
behind these impacts can be understood. Achieving this goal can be assessed by a 
range of 3D geological models in conjunction with experimental design techniques, in 
order to develop a screening process to rank the impact of selected heterogeneities on 
oil recovery. 
4.2. Aims 
I. Identify the heterogeneities at the reservoir-unit scale which have potential 
impact on oil recovery. 
2. Develop a screening process to rank the impact of selected heterogeneities on 
oil recovery. 
Understand the interaction between different heterogeneities and displacement 
to explain the rank order. 
4.3. Reservoir-unit scale heterogeneities in fluvial-deltaic 
reservoirs 
The description of heterogeneities at reservoir-unit scale are based on subsurface 
core data measurements, production reports for the Azeri and Chirag reservoirs (Jones 
and Jerauld 2005), other examples of fluvial deltaic reservoirs (such as the Bahar field 
in the southern Caspian region or Prudhoe Bay field in Alaska) and outcrop analogues 
(e. g. Balakhany Quarry and Yasamal Valley) that were described in Chapter2. 
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Six heterogeneities were selected for investigation in this screening study. The 
decision was driven by firstly considering which features were more likely to 
influence the reservoir performance under a given recovery process. Secondly 
whether such features had already demonstrated a strong influence on recovery in 
previous reservoir development examples (e. g. Abdullaev et al. 1998; Jones et al. 
1994; Weber and van Geuns 1990). The selected heterogeneities are summarized in 
Table 4.1 and described briefly below. 
Factor (heterogeneity) Setting 1 Setting 2 
Channel-fill sandbodies are oriented Channel-fill sandbodies are oriented 
Channel Orientation oblique (49*) to tectonic dip parallel to tectonic dip 
Channel sinuosity= 1.73(Pereriv B) Channel sinuosity= 1.0 (Pereriv B, C and D) 
Channel Sinuosity 1.67 (Pereriv C) ; 1.64 (Pereriv D) 
Channel-fill sandbodies treated Channel-fill sandbodies treated 
explicitly as stacked, multistorey explicitly as individual, single-storey 
Channel Stacking channel-belt sandstones channel-fill sandstones 
Small channel-fills: Large channel-fills: 
(1) single-storey channel-fill sandbodies (1) single-storey channel-fill sandbodies 
Channel Dimensions = 6m thick, 100m wide = 6m thick, 200m wide 
(2) multistorey channel-belt sandbodies (2) multistorey channel-blet sandbodies 
= 10m thick, 600m wide =15m thick, 600m wide 
Sandbodies are free to connect between No connectivity between sandbodies in 
Interlayer connectivity layers Pereriv B, C and D layers Pereriv B, C and D 
Lateral variation of NTG Local NTG =0% in Pereriv C Local NTG =45% in Pereriv C 
within Pereriv C 
Table. 4.1. Factors (heterogeneities) investigated in the sensitivity analysis. The impact of these six factors is 
investigated by observing the percentage change in average response when each factor is varied from setting 1 to 
sefting 2. 
4.3.1. Channel orientation 
Paleocurrent measurements from channel-fill sandstones in the Pereriv Suite 
reservoir in Azeri and Chirag are generally directed towards the south with a range of 
angles that vary from parallel to the tectonic dip, to a 49' offset to the east. In the 
nearby Bahar Field (Abdullaev et al. 1998), it was 
found that channel orientation 
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within the Pereriv Suite is a major uncertainty on oil recovery. The same may be 
found in the Azeri field. Gas injected into the north flank of the Azeri structure may 
flow along the channel orientation down the flank instead of displacing directly to the 
nearest producer. In such a case, the injected gas would experience a less steep dip 
angle. Assuming that the average dip angle of north flank Azeri is c. 3 1', the injected 
gas would experience c. 21.5' dip only. A shallower dip angle could push the 
proposed gas-oil displacement scheme out of the range of stability (the stability 
analysis of gas injection in Azeri north flank is showed in Chapter 3). If the 
displacement fails to be stabilized by gravity, it will lead to lower sweep efficiency 
and early gas breakthrough. Examples comparing various settings of channel 
orientation in static reservoir models are shown in Figure 4.1 A and 4.1 B. 
4.3.2. Channel sinuosity 
From outcrop analogue data, it is observed that the channel sand bodies generally 
lack lateral accretion surfaces, and the subsurface core and the palaeo-current data 
also show little variation (Reynolds et al. 1998, Reynolds et al. 2003; Reynolds and 
Riley 2003). These data suggest that the channels could have a low sinuosity. By 
using the methodology developed by Le Roux (1992) the sinuosity was estimated 
from the subsurface palaeo-current core data. Previous research has demonstrated that 
channel sinuosity has a significant impact on the connectivity of a channel system 
with low NTG (Larue and Hovadik 2006; Jones et al. 1995), therefore it was selected 
for the screening study. Since the range of channel sinuosity is uncertain, therefore 
two end-members of channel sinuosity (highly sinuous channels and straight channels) 
were selected for the screening study. Examples comparing various settings of 
channel sinuosity in the static reservoir models are shown in Figure 4.1 A and 4.1 B. 
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4.3-3. Channel stacking 
The outcrop analogue data demonstrated examples of individual single-storey 
channel sandstones and also stacked multi-storey channel belt sandstones. In a low 
NTG environment, the variation of stacking pattern has a large impact on 
connectivity Larue and Hovadik 2006; Jones et al. 1995) as well as the dimensions 
and aspect ratio of the effective flow path of the displacement. Examples comparing 
various setting of channel stacking patterns in static reservoir models are shown in 
Figure 4.1 C and 4.1 D. 
4.3.4. Channel dimensions 
The outcrop analogue and sub-surface data showed that the dimensions of 
single-storey and multi-storey channel sandbodies vary in width between c. 
100-600m and c. 6-15m in thickness (Reynolds et al. 2003; Reynolds and Riley 2003). 
The thickness of the single-storey channels is 6m on average and their widths are 
between 100-200m, whereas the multi-storey channel belt is c. 10-15m thick and 
600m wide. Jones et al. (1995) and Larue and Hovadik (2006) demonstrated that 
channel sandstone dimensions have a significant impact on connectivity in a low 
NTG channelised environment and variation in size has a large influence on 
cumulative oil recovery. Examples comparing various settings of channel dimensions 
in static reservoir models are shown in Figure 4.1 C and 4.1 D. 
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4.3.5. Interlayer connectivity 
It is not clear from the overall data whether mudstone sheets completely subdivide 
the Pereriv Suite into five sub-layers, or whether there is communication between the 
layers. The outcrop study by Reynolds et al. (1998) and the geological studies on the 
nearby Bahar Field (Abdullaev et al. 1998) indicated that there are lateral mud-sheet 
barriers within the Pereriv Suite. However, sub-surface pressure data (see Chapter 2) 
showed that the inter-layer boundary is not completely sealing. Abdullaev et al. (1998) 
suggested that such laterally extensive barriers have a major influence on fluid 
displacement. If cross flow is possible, then injected gas or water would leak from 
one layer to another. This phenomenon could reduce the sweep efficiency and lead to 
earlier breakthrough. Examples of static reservoir models with different settings of 
interlayer connectivity between sub-Pereriv layers are shown in Figure 4.1 E and 4. IF. 
4.3-6. Internal variation of NTG within Pereriv C 
NTG is observed to vary from 0% to c. 50% in the Pereriv C layer. On average the 
NTG value of Pereriv C is c. 45% (Table 3.1). Jones et al. (1994) demonstrated that 
variation in NTG has a large influence on cumulative oil recovery. In the regions with 
high NTG, oil recovery may be increased because of the presence of the higher 
volume of oil in place. The presence of sand within Pereriv C may also increase oil 
recovery because it enhances cross-flow between the overlying and underlying 
Pereriv B and D layers. However, Pereriv C may also act as a thief zone and reduce 
the sweep efficiency in Pereriv B and D. Examples of static reservoir models with 
different settings of the internal variation of NTG within Pereriv C layer are shown in r7ý 
Figure 4.1 E and 4.1 F. 
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Figure 4.1.3D images of north-flank static reservoir models that were used to conduct the 1s', 2 nd and 3 rd 
screening studies. The models demonstrate the different settings of reservoir-unit scale heterogeneities that were 
examined. For example, a model with sinuous channels oblique to the tectonic dip (with 49' offset) (A) is compared 
with a case where straight channels are aligned parallel to the tectonic dip (B). The blue arrow shows the overall 
channel orientation. A model with several multistorey large channel-fill sandbodies (C) is compared with a model 
containing many small, single-storey channel-fill sandbodies (D). Figures A-D were captured from low NTG models 
(Pereriv C). Figures E and F demonstrate lateral variations in NTG within the Pereriv C layer when the static models 
include Pereriv B, C and D layers. The green dotted lines demonstrate boundaries between each sub-Pereriv layer, 
which were set either to allow no connectivity between Pereriv B, C and D layers (E) or to allow sandbody connectivity 
across the layer boundaries (F). 
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4.4. Reservoir model construction 
The reservoir model dimensions were driven by the inter-well spacing that currently 
applies to the Azeri reservoir (Figure 1.1. ). The current well setting in Azeri is 
approximately I injection well supporting 2 production wells. In order to keep the 
model representative, the distance between model boundary and production wells is 
symmetrical; the width of each model was 1500m which is double the distance 
between each production well. The length of each north flank model was 1900m, and 
for each of the south flank model the length of the model was 478m (Figure 1.1). The 
thickness of each model varied according to the reservoir interval included in the 
model. For example, models that contain Pereriv B, C and D are 104m on the Z 
coordinate the sum of the three reservoir intervals (Pereriv B at 42m, C at 30m and D 
at 32m). The dip angle in north flank models was c. 31' and c. 21' in south flank 
models. 
The dimension of each grid cell was c. 12m (north flank models) and c. II rn (south 
flank models) in length, c. 20m in wide and Im thick. Reservoir model information 
was summarized in Table 4.2. It is known that grid resolution has a great influence on 
the reliability of the simulation results (Baker and Moore 1996; Haajizadeh and Begg 
1993-, Prevost et al. 2005). In Appendix 2, a study of grid resolution in different 
simulation settings was demonstrated to support the grid resolution used in this 
chapter. 
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Heterogeneity model Coordinate Grid number Model length /m Grid block size/m 
North Flank x 160 1900 12 
Y 75 1500 20 
z 104 104 (Sum of Pereriv B, C and D) I 
Total: 1248000 
South Flank x 45 478 11 
Y 75 1500 20 
z 104 104 (Sum of Pereriv B, C and D 1 
Total: 351000 
Table. 4.2. information on reservoir model setting for 1st screening study. Same grid block size is applied to all 3 
screening study. 
Object-based algorithm was used for reservoir modelling. The advantage of using 
object-based algorithm was described in Chapter 2. The algorithm models channel 
sand bodies stochastically in a mudstone background. The distribution of sand bodies 
was according to the experimental design matrix; each model contained a different 
combination of the geological features that are described in section 4.3. The 
experimental design methodology will be described a later in section 4.6. In this 
section the internal geological features (e. g. Kv: Kh ratio) within channel sand bodies 
were neglected in order to honour the 'top-down' method. The combination of 
reservoir-unit scale and genetic-unit scale heterogeneities will be studied in Chapter 
5. 
4.5. Fluid flow simulation 
Simplified flow conditions were applied for the displacement simulation. 
Incompressible flow and no dissolved gas in the oil was assumed. With the simplified 
flow properties of the Azeri hydrocarbons, it was feasible to use a streamline 
simulator that included gravity effects (Batycky et al. 1996). The advantage of using a 
streamline simulator was that the displacement process could be simulated using a 
model with large number of grid cells that directly include refined grid features. 
Models with a large number of grid cells could not be simulated by using a 
conventional simulator. The impact of the underlying aquifer and overlying gas cap 
was also neglected and it was assumed that the displacement schemes on each flank 
were isolated thus they were simulated separately. 
The production rate of each south flank model was c. 9% of the model STOUP per 
year, which was the target production rate for the Azeri field. In the north flank, 
93.3% of the Dietz's critical rate was chosen as the production rate of each model, 
given that the target field production rate was between 72% and 120% of Dietz's 
critical rate, because of the variation in dip angle along the north flank (Chapter 3). A 
streamline simulation package QDSL version 2.2 and 3.0) was used to conduct the 
screening studies. Throughout the screening study, the simulator was upgraded, 
which could introduce minor differences between data generated from different 
versions of the software. However, for an incompressible and immiscible 
displacement, such differences were minor and would not affect the main results and 
conclusions of the screening study. 
4.6. Screening study design 
Experimental design and analysis methods (Jones et al. 1995; Box et al. 1978; 
Darnsleth et al. 1991; Montgomery 2005; Salhi et al. 2005; White and Royer 2003) 
and analysis of variance (Box et al. 1978; Montgomery 2005) were applied to conduct 
a screening study in order to identify the key heterogeneities which had a major 
impact on recovery. Since a large number of simulations would be required to 
investigate all te possible combinations of 
factors, experimental design wTas used to 
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determine a limited number of experiments which best reveal the aspects to be 
investigated. 
A two-level fractional factorial design was employed; known as a2 k-P design. With 
the two-level fractional factorial design, each heterogeneity factor can take one of two 
settings denoted (1) and (2). These setting reflect two end-members from a range of 
observations obtained from either subsurface measurements or outcrop analogues. For 
example, the degree of connectivity between sandbodies in each layer of the Pereriv 
Suite is uncertain, and the impact of sandbodies being connected (1) or unconnected 
(2) across these layer boundaries. By comparing the results of a suite of models that 
investigate end-member settings for multiple heterogeneity factors, it was possible to 
rank the heterogeneity factors based on their influence on the performance of the 
Pereriv Suite reservoir models. By using experimental design methods, one can 
rapidly identify the factor that has the largest influence on the objective measure. 
However the method does not explain the reason behind the results. For more details 
on the advantages and the limitation of experimental design see Chapter 2. In section 
4.3 the explanations of the setting for each factor were discussed and they are 
summarized in Table 4.1. The reservoir-unit scale screening study was divided into 
three parts: 
4.6.1. First screening study: Analysis of Pereriv B, C and D 
The reservoir-unit scale screening study begins by considering models which 
included Pereriv B, C and D layers. It was considered that these three layers represent 
the entire Pereriv Suite, as these layers are the 3 largest productive intervals within 
the Pereriv Suite. The Pereriv A and E layers were neglected. The impact of the ýix 
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reservoir-unit scale fluvial-deltaic heterogeneities (see Table 4.1) on production by 
gas or water injection was studied. A2 6-2 resolution IV experimental design was used 
(the setup of the simulations is shown in Table 4.3) to quantify the impact of each 
heterogeneity on production. 
Parameter 2 3 4 5 
Runs 
1 2 2 
2 2 2 
3 1 2 2 
4 2 2 1 2 
5 1 2 2 2 
6 2 1 2 2 1 
7 2 2 2 2 2 2 
8 1 1 2 2 2 
9 2 2 2 2 1 
10 2 1 2 2 1 2 
11 2 2 1 1 2 2 
12 1 1 2 1 2 2 
13 2 1 1 2 2 1 
14 2 2 2 
15 1 1 1 
16 2 21 2 1 11 
Table. 4.3. Experimental design matrix for 1st sensitivity screening study. The parameter row denotes the 
heterogeneity factor; 1: Channel orientation; 2: Channel sinuosity; 3: Channel stacking; 4: Channel dimensions; 5: 
Inter-layer connectivity; 6: Lateral variation of NTG within Pereriv C. 
4.6.2. Second screening study: Analysis of Pereriv B, C and D (models with 
net sand in Pereriv C) 
The second sensitivity analysis was focused on regions where there is net sand in the 
Pereriv C layer (i. e. the NTG within Pereriv C was fixed to be c. 45% in each 
reservoir model). A2 5- 
1 resolution V experimental design was used. The experimental 
design matrix is shown in Table 4.4 and it was used to quantify the impact of the 
remaining 5 heterogeneities (Table 4.1) on oil recovery. 
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Parameter 2 3 4 5 
Runs 
1 2 2 2 
2 2 2 2 1 
3 1 2 2 2 
4 2 1 1 
5 2 2 2 
6 2 2 2 
7 2 1 1 
8 2 2 2 2 2 
9 2 2 2 1 
10 2 2 1 2 
11 2 1 2 2 
12 1 1 1 2 
13 2 2 2 1 
14 2 2 1 2 
15 2 1 
16 11 2 
Table. 4.4. Experimental design matrix for 2nd sensitivity screening study. The parameter row denotes the 
heterogeneity factor; 1: Channel orientation; 2: Channel sinuosity; 3: Channel stacking; 4: Channel dimensions; 5: 
Inter-layer connectivity. 
4.6.3. Third screening study: Analysis of Pereriv B and C layers in isolation 
The third sensitivity analysis focused on high and low NTG layers separately. This 
part of the screening study aimed to explore the impact of the same type of 
heterogeneities on oil recovery within environments that have different NTGs. This 
approach assumed that the results from Pereriv B could represent another high NTG 
layer in Azeri, Pereriv D. Given that Pereriv A and E were neglected, therefore the 
Pereriv B results could also represent the entire Pereriv Suite in the region where zero 
NTG is found in Pereriv C. A2 4-1 resolution IV experimental design was used, which 
required 8 simulation experiments for each displacement process to quantify the 
impact of heterogeneities in Pereriv B and C. The same experimental design matrix 
has been used for both high and low NTG layers and is shown in Table 4.5. 
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Parameter 2 3 4 
Runs 
1 1 2 2 
2 2 1 2 
3 1 2 2 1 
4 2 2 1 
5 1 1 1 
6 2 2 2 2 
7 2 1 2 1 
8 2 11 11 2 
Table. 4.5. Experimental design matrix for 3rd sensitivity screening study. The parameter row denotes the 
heterogeneity factor; 1: Channel orientation; 2: Channel sinuosity; 3: Channel stacking; 4: Channel dimensions. 
4.6.4. Impact of uncertainty 
Three stochastic realizations of each reservoir model were generated, in order to 
investigate the significance of the response from each heterogeneity factor compared 
to stochastic uncertainty. Estimates of stochastic uncertainty would be improved by 
generating more realizations. In Appendix 3, a study of the stochastic uncertainty and 
the number of stochastic realizations was conducted. The investigation studied up to 
15 stochastic realizations of each reservoir model in order to demonstrate the reliable 
number of realization that should be used to overcome for the screening study. It was 
observed that although the magnitude of the response would be different when 
different numbers of realization were used, however the screening process can always 
pick up the factor that is the most significant to the objective measure when three or 
more realisations is being used. The results therefore suggested that three realisations 
were reliable for the screening study. For more details see Appendix 3. 
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4.7. Results 
4.7-1. First screening study: Analysis of Pereriv B, C and D 
Figures 4.2A to 2D show the oil recovery, cumulative GOR and cumulative water 
cut by gas and water injection for each of the 16 simulations conducted for the north 
and south flank models. The variation of oil recovery and breakthrough time shows 
the impact of the ensemble of geological heterogeneities on reservoir performance. 
Both gas and water injection recovery processes yield high oil recovery (more than 
60% after 20 years of injection) and the range of recovery is small; c. 10% in both 
flanks (north flank: c. 70%-80% after 20 years injection; south flank: c. 60%-70% 
after 20 years injection). The range of cumulative GOR and water cut of both 
recovery processes are similar. The cumulative GOR in the north flank models is 
c. 100% - 165%. In the south flank models, the cumulative water cut is c. 59% - 64% 
after 20 years injection. The high recovery is because the recovery is dominated by 
the high NTG layers. Compared with low NTG layers, Pereriv B, D with high NTG 
have all the sand connected therefore high NTG layers do not have sand connectivity 
problems thus all the movable oil in high NTG layer can be swept and recovered. 
Moreover, given that genetic-unit heterogeneities are not included in this part of study, 
high NTG layers are therefore have lower tortuous effective flow path compare with 
low NTG layer. It can then be concluded that the variation of recovery is controlled 
by the variation in NTG in Pereriv C layer. Figure 4.3A demonstrates that by 
modelling Pereriv C with a NTG of 45%, the oil recovery 
increases by c. 14% in both 
flanks. 
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Figure 4.2. Recovery factor, cumulative gas oil production ratio (GOR) and cumulative water cut from gas 
injection (AC) and water injection (B, D) as a function of time for each of the 16 simulation experiments run in the first 
sensitivity analysis on the Pereriv 
B, C and D layers. Analysis of these curves yielded the responses shown in Figures 
4.3. 
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Figure 4.3. Results of is' screening study, average percentage change in (A, top) oil recovered after 20 years, 
and (B, bottom) oil recovered at breakthrough of gas (north flank) and water (south flank), observed when each factor 
in the sensitivity analysis is varied from setting 1 to setting 2 (Table 4.1). Pereriv B, C and D layers are included in the 
models. If the bar lies to the right then the change is positive. For example, modelling Pereriv C with 45% NTG (setting 
2) increases cumulative oil recovery by c. 14% compared with modelling it with zero NTG (setting 1). The dashed lines 
denote the average percentage change observed from different stochastic realizations. If the impact of varying a factor 
is at or below the level of stochastic uncertainty 
then modelling decisions are unimportant for the chosen range of 
parameters 
1-10 
-8 a 10 12 
Percentage change in average response 
The cumulative oil recovery at breakthrough was a proxy for breakthrough time, as 
all the models were produced at the same constant rate. Lower recovery at 
breakthrough indicates earlier breakthrough. Figure 4.3B shows that modelling 
Pereriv C with a NTG of 45% caused gas breakthrough to be delayed by c. 9% and 
water breakthrough by c. 10%. This suggested that a low NTG layer does not act as a 
thief zone. Recovery factor was defined as the percentage of cumulative oil recovered 
from the STOUP of the model. Although oil recovery was increased if sand was 
present in the low NTG layer (Figure 4.3. A), this increased recovery comes from an 
increased STOIIP and the overall recovery factor decreased. This effect was due to 
the poor connectivity of sandbodies in the low NTG layer, which caused the recovery 
factor to drop by c. 4% in both flanks (Figure 4.4). The connectivity of sandbodies 
will be discussed in detail in section 4.7.3.2. 
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Figure 4.4. Result of 1" screening study, average percentage change in oil recovery factor after 20 years, 
observed when each factor in the sensitivity analysis is varied from setting 1 to setting 2 (Table 4.1). Pereriv B, C and 
D layers are included in the models. If the bar lies to the right then the change is positive. Recovery factor was defined 
as the cumulative oil recovered over the STOI IP of the model. As poor connectivity of sandbodies in the low NTG layer 
(Pereriv C), therefore the overall recovery factor reduced if more net sand was introduced into this layer. 
Figures 4.3 to 4.4 demonstrated that the impact of varying most of the heterogeneity 
factors was close to or below the level of stochastic uncertainty in both flanks. The 
results suggested that modelling decisions were not important for the chosen range of 
parameters. However, in models that had sand in the Pereriv C layer, the average 
impact of the heterogeneity factors was significantly larger than the models that had 
no sand in the Pereriv C layer. The standard deviation of the cumulative recovery 
factor of the models that had net sand in Pereriv C is 4.1%, whereas the standard 
deviation of the cumulative recovery factor of models that had no sand in Pereriv C 
was only 0.4-1 fi. , vas therefore necessary to refine the screening study. 
In the next 
: c. oninc, analysis is focused only on regions where there was net sand section, 1, L- in 
Perer, 
I ý-, 
4.7-2. Second screening study: Analysis of Pereriv B, C and D (models with 
net sand in Pereriv C) 
Figures 4.5A to 5D show the oil recovery, cumulative GOR and cumulative water 
cut by gas and water injection for each of the 16 simulations conducted for the north 
and south flank models in the second screening study. The variation of oil recovery 
and breakthrough time showed the impact of the ensemble of geological 
heterogeneities on reservoir performance. Both gas and water injection recovery 
processes yielded high oil recovery (more than 60% after 20 years of injection) and 
the range of recovery was small, c. 14% in north flank and c. 9% in south flank (north 
flank: c. 66%-80% and south flank: c. 64%-73% after 20 years injection). The range 
of cumulative GOR and water cut of both recovery processes were similar in both 
flanks. The cumulative GOR in the north flank was c. I 11% - 177% after 20 years 
injection. In the south flank, the cumulative water cut was between c. 61% - 66% 
after 20 years injection. Since all the models contained both high and low NTG layers, 
the high recovery was because the recovery is dominated by the high NTG layers and 
as explained in section 4.7.1. The variation of recovery was mainly controlled by the 
inter-layer connectivity between Pereriv B, C and D. 
Figures 4.6A and 4.6. B show the average percentage change in cumulative oil 
recovery and total gas (north flank) and water (south flank) produced after 20 years of 
injection. In this set of screening studies, it was observed that inter-layer connectivity 
has the most significant impact on oil recovery under both displacement schemes. It 
was found that when the reservoir layers were completely isolated, oil recovery was 
reduct c. 817c in the north 
flank (gas injection) and c. 4.5% in the south flank 
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(water injection). Moreover, in reservoir models with no interlayer connectivity. gas 
production was increased by c. 6% in the north flank (Figure 4.6A) and water 
production was increased by c. 3% in the south flank (Figure 4.6B). The results 
suggested that the vertical cross flow of gas and water between layers did not reduce 
sweep efficiency. This was demonstrated by the fact that the cumulative oil recovery 
was increased when the layers were connected (Figure 4.3A). The channel sand 
bodies in Pereriv C could be poorly connected to the injection and/or production 
wells because of the low NTG in this layer. In this case, recovery could be improved 
by pressure support via Pereriv B and/or D, so recovery was improved when there 
was inter-layer connectivity. 
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Figure 4.5. Recovery factor, cumulative gas oil production ratio (GOR) and cumulative water cut from gas 
injection (AC) and water injection (B, D) as a function of time for each of the 16 simulation experiments run in the 
second sensitivity analysis on the Pereriv B, C and D layers. Analysis of these curves yielded the responses shown in 
Figures 4.6. 
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Figure 4.6. Result of 2 nd screening study, average percentage change in oil recovered and total gas (north flank) 
and water (south flank) produced after 20 years in (A, top) north flank models, and (B, bottom) south flank models, 
observed when each factor in the sensitivity analysis is varied from setting 1 to setting 2 (Table 4.1). Pereriv B, C and 
D layers are included in the models; Pereriv C is modelled with a fixed NTG of 45%. 
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Channel stacking also had a significant impact. Many reservoir models with 
individual single-storey channel sand bodies instead of multistorey channel belt 
sandstones showed oil recovery reduced by c. 3% in both flanks and the volume of gas 
and water production was increased by c. 2% (Figure 4.6A and 6. B). Apart from the 
channel stacking pattern, channel sinuosity was another factor that had a significant 
impact on reservoir performance. In reservoir models with straight rather than low 
sinuosity channels the cumulative oil recovery was decreased by c. 3% in the north 
and c. 3.5% in the south flank. Gas and water production was increased by c. 2% in 
both north and south flanks. In the next section there will be a discussion of how 
channel stacking pattern and channel sinuosity control sweep efficiency. 
4.7.3. Third screening study: Analysis of Pereriv B and C layers in isolation 
4.7.3.1. High NTG layer: Pereriv B 
Figures 4.7A to 7D show the oil recovery, cumulative GOR and cumulative water 
cut by gas and water injection for each of the 8 simulations conducted for the high 
NTG layer of the north and south flank models in the third screening study. The 
variation of oil recovery and breakthrough time showed the impact of the ensemble of 
geological heterogeneities on reservoir performance. Both gas and water injection 
recovery processes yielded high oil recovery (more than 70% after 20 years of 
injection) and the range of recovery was small, c. 3% in both flanks (north flank: c. 
77%-79% and south flank: c. 70%-73% after 20 years injection). The ranges of 
cumulative GOR and water cut of both recovery processes are similar in both flanks. 
The cumulative GOR in the north flank was c. 108% - 120% after 20 years injection. 
In the south flank, the cumulative water cut was c. 61 c7, - 63% after 20 years injection. 
The high recovery resulted in the high NTG layer which has low tortuous 
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effective-flow paths compared with the low NTG layer in the absence of genetic-unit 
scale heterogeneities. 
The results from Pereriv B could be used to represent the other high NTG layer, 
Pereriv D, and the entire Pereriv Suite in regions where there was no sand recorded in 
the Pereriv A, C and E layers. Figures 4.8A and 4.8B show that heterogeneities had a 
different impact on the north and south flanks. In north flank models with high NTG, 
it was found that the impact of all heterogeneities on oil recovery and gas production 
is below the stochastic uncertainty. This suggested that the chosen reservoir-unit scale 
heterogeneity factors were unimportant for modelling gas injection in high NTG 
layers. However, in the south flank models, it is found that channel orientation has the 
most significant impact on cumulative oil recovery and water production; although 
the magnitude is small (all responses were less than 2%). Figure 4.8B shows the 
results of the screening study on the south flank high NTG layer; it was found that 
when channel sand bodies were oriented parallel to the tectonic dip, the cumulative 
oil recovery increased by c. 1.5% and the cumulative water production decreased by 
c. I%. The next most important heterogeneity factor was channel sinuosity. However, 
the impact was found to be very close to the stochastic noise. 
Channel orientation was found to be the most significant heterogeneity factor on the 
south flank high NTG layer. This was because when the channel sand bodies were 
oriented parallel to the tectonic dip, it provided a direct route between injector and 
producer wells; whereas when the models contained channels that were offset from 
the tectonic dip, the water-oil displacement was subtly moved from one channel to 
another, decreasing the areal sweep efficiency. Figure 4.9 shows an example of the 
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saturation distribution of the movable oil in two reservoir models with different 
channel orientations. 
100% - 
End of 20 years of 
injecton 
90% - 
80% - 
70% - 
0 60%- 
LL 
2,50% 
4) 
0 
u 40% 
4) 
cr- 
30% - 
20% - 
10% - 
0% -IIIIIII 
0 1000 2000 3000 4000 5000 6000 7000 8000 
Time (Day) 
Figure 4.7A 
End of 20 years of 100% - injection 
90% - 
80% - 
70% - 
0 60%- 
r o 6% LL 
50% 
0 
40% - 
30% - 
20% - 
z 
10% 
! 0% I 
0 1000 2000 3000 4000 5000 6000 7000 8000 
Time (Day) 
Figure 4.7B 
130 
140% - End of 20 years of 
injection 
120% - 
100% - 
17 
0 
0 
80% 
- 
4) 
60% - E 
U 
40% - 
20% - 
0% 
1111 
0 1000 2000 3000 4000 5000 6000 7000 6000 Time (Day) 
Figure 4.7C 
End of 20 years of 100% - injection 
90% - 
80% - 
70% 
60% - 
50% - 
40% - 
30% - 
20% - 
10% - 
1 
---. a 
0% 1 I I 0 1000 
2000 3000 4000 5MO 6000 70ýO 8000 
I 
Time (Day) 
I 
Figure 4.7D 
Figure 4.7. Recovery factor, cumulative gas oil production ratio (GOR) and cumulative water cut from gas 
injection (AC) and water injection (B, D) as a function of time for each of the 8 simulation experiments run in the third 
sensitivity analysis on the Pereriv B layers. Analysis of these curves yielded the responses shown in Figures 4.8. 
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Figure 4.8. Results of 3 rd screening study (Pereriv B), average percentage change in oil recovered and total gas 
(north flank) and water (south flank) produced after 20 years in (A, top) north flank models, and (B, bottom) south 
flank models of Pereriv B only, observed when each factor in the sensitivity analysis is varied from setting 1 to setting 
2 (Table 4.1 ). 
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Figure 4.9. Plan views of (left column) shale distribution; (center column) thickness-averaged permeability; 
and (right column) thickness-averaged mobile oil saturation after 5 years of water injection in (top row) south-flank 
model of Pereriv B with channel belts parallel to the tectonic dip and (bottom row) south-flank model of Pereriv B with 
channel belts oblique to the tectonic dip (with a 49' offset to the east). The two producers and one injector are also 
labeled. The model with channel belts oblique to the tectonic dip exhibits a wider range of thickness-averaged 
permeability (bottom center). Thus, for this model, sweep efficiency is subtly decreased because of a wider range of 
flow path lengths. Earlier breakthrough occurs in the model (bottom right) as a result of this subtle decrease in areal 
sweep efficiency. 
The different response to the heterogeneities was related to the different mobility of 
water and gas. The effect of heterogeneities in high NTG layers under gas injection 
was relatively small because the mobility of displacing gas was much higher than that 
of water. 
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4.7.3.2. Low NTG layer: Pereriv C 
Figures 4.1 OA to I OD show the oil recovery, cumulative GOR and cumulative water 
cut by gas and water injection for each of the 8 simulations conducted for the low 
NTG layer of the north and south flank models in the third screening study. The 
variation in oil recovery and breakthrough time showed the impact of the ensemble of 
geological heterogeneities on reservoir performance. Wide ranges of oil recovery and 
gas and water production were yielded from gas and water injection recovery 
processes, c. 40% in the north flank and c. 55% in the south flank (north flank: c. 35% 
- 76% and south flank: c. 20% - 75% after 20 years injection). The range of 
cumulative GOR and water cut for both recovery processes were wide in both flank. 
The cumulative GOR in the north flank was c. 111% - 365% after 20 years injection. 
In the south flank, the cumulative water cut was c. 57% - 90% after 20 years injection. 
The wide ranges of recovery and gas/water production occurred because the influence 
of connectivity and flow path tortuosity in the low NTG layers caused some mobile 
oil not to be swept and recovered. 
Figures 4.1 IA and 4.1 IB show the average percentage change in oil recovery and 
total gas and water production after 20 years of injection. The impact of varying the 
modelling parameters clearly had a larger magnitude compared with the results 
obtained from the high NTG Pereriv B layer. For example, in the north flank low 
NTG Pereriv C layer, channel sinuosity was the most significant heterogeneity factor 
on total oil recovery and gas production. Modelling straight channels decreased 
cumulative oil recovery by c. 3517c and increased the total gas production by c. 23c1c; 
whereas all the heterogeneities had an impact below the level of stochastic noise in 
the high NTG layer. Similarly, in the south flank low NTG Pereriv C layer, the most 
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significant heterogeneity factor on reservoir performance was also the variation of 
channel sinuosity. By modelling straight channels, the cumulative oil recovery was 
reduced by c. 55% and increased the total water production by c. 23%. In contrast, 
channel sandbody orientation had only a small impact (below stochastic noise) on 
total oil recovery in low NTG layer (Figure 4.11 A and 4.11 B) when it was the most 
significant heterogeneity in high NTG layers (Figure 4.8A and 4.8B). 
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Figure 4.10. Recovery factor, cumulative gas oil production ratio (GOR) and cumulative water cut from gas 
injection (AC) and water injection (113,11)) as a function of time for each of the 8 simulation experiments run in the third 
sensitivity analysis on the Pereriv C layers. Analysis of these curves yielded the responses shown in Figures 4.11. 
137 
Produced fluids after 20 years, Pereriv C (low NTG layer) only, 
North Flank: Total oil recovered Total gas produced 
Factor (geologic heterogeneity) 
Channel Dimensions 
Channel Stacking 
_3 
Channel Sinuosity 
-35 1 
Channel Orientation 
Percentage change in average response 
Estimated stochastic uncertainty 
= ±4.8% (ultimate cumulative gas 
production) 
, 
Estimated stochastic uncertainty 
+7 6% (ultimate cumulative oil 
recovery) 
Figure 4.11 A 
Produced fluids after 20 years, Pereriv C (low NTG layer) only, 
South Flank: Total oil recovered Total water produced 
Factor (geologic heterogeneity) 
Channel Dimensions 
21.88% Channel Stacking 
-50 62"/', 
123.43% 
Channel Sinuosity Estimated stochastic uncertainty 
+4.2% witi mate cumulative water 
production) 
'Estimated stochastic uncertainty Channel Orientation 
_9.7% (ultimate cumulative oil recovery) 
-60 -50 -40 -30 -20 -10 0 10 20 
Percentage change in average response 
Figure 4.11 B 
Figure 4.11. Results of 3 rd screening study (Pereriv C), average percentage change in oil recovered and total 
gas (north flank) and water (south flank) produced after 20 years in (A, top) north flank models, and (B, bottom) south 
flank models of Pereriv C only, observed when each factor in the sensitivity analysis is varied from setting 1 to setting 
2 (Table 4.1). 
138 
-40 -30 -20 -10 0 10 20 30 
As mentioned in section 4.6.3 these results underestimated the true range of the 
reservoir architectures and associated production behaviours. It is because the 
investigation only selected the realizations in which there was connectivity of channel 
sand between the injector and at least one producer well. In many realizations, the 
connectivity etween wells was zero; in some models, well location was adjusted by a 
few grid blocks in order to ensure connectivity. 
Channel sinuosity was found to be the most significant factor that controls the 
reservoir performance under both gas and water injection schemes, followed by 
channel stacking pattern. The variations in channel sinuosity significantly changed 
the connectivity of the channel sand bodies between the injector and production wells 
in a low NTG environment. Figures 4.12A and 4.12B shows the average percentage 
change in connected fraction of channel sand bodies between injector and producer 
wells. The results demonstrated that by modelling straight channels in a NTG 
environment, the connectivity of the sand and the wells were reduced by c. 9.5% 
(north flank) and c. 22% (south flank). These results were in agreement with previous 
studies of channelized reservoirs with low NTG. Larue and Hovadik, (2006) 
demonstrated that when the channels have low sinuosity and are parallel with each 
other, the areal intersection between channels within a given layer is reduced and 
such systems would behave like a 2D system. Therefore straight channels caused 
poor connectivity. 
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Figure 4.12. Results of 3 rd screening study (Pereriv C), average percentage change in connected fraction of 
channel-fill sandstones between injection and production wells, and oil recovered after 20 years of tracer injection, in 
(A, top) north flank models, and A bottom) south flank models of Pereriv C only, observed when each factor in the 
sensitivity analysis is varied from setting 1 to setting 2 (Table 2). 
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Channel stacking was another heterogeneity factor that had significant impact on 
reservoir performance under both displacement schemes. This is because the different 
stacking patterns control the tortuosity of the flow paths, and hence the sweep 
efficiency. This was confirmed by the comparison of tracer simulations in both north 
and south flank models (see Figure 4.12A and 4.12B) Tracer simulations omitted 
gravity and relative permeability effects and they were a measure of the streamline 
lengths and hence the results reflected the flow tortuosity. It was found that modelling 
individual channels decreased the recovery in tracer simulations. Therefore the results 
indicated reduction of the sweep efficiency. Figure 4.13 demonstrates the tracer 
saturation plot in models with individual channel and multistorey channel belts. It 
was found that models containing individual channels had a more tortuous flow path, 
so more oil remained unswept. 
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Figure 4.13. Plan view of thickness-averaged oil saturation after 5 years of tracer injection in (left) north-flank 
model of Pereriv C with multistorey, channel-belt sandbodies and (right) north-flank model of Pereriv C with individual, 
single-storey channel-fill sandbodies. The two producers and one injector are labeled. Where the figures show 
thickness averaged mobile oil saturation less than 1 indicated that one or more layers at that location is occupied by 
the injected fluid. This plot could enable identification of individual flow paths within the model (e. g. a flow path of 
injected fluid moving towards the producer was identified by a white circle). Flow paths in the single-storey model 
(right) were more tortuous, resulting in poorer areal sweep of the oil. Therefore, earlier breakthrough results from 
modelling single-storey channel-fill channel sandbodies. Hence, the cumulative oil recovered is lower for such a 
modelling setting. On average when single-storey channel-fill sandbodies were modelled, oil recovery was c. 19% 
lower than in when multistorey channel-fill sandbodies were modelled. 
4.8. Discussion 
4.8.1. Impact of NTG variation in Pereriv C 
From the first screening study (section 4.7.1), it was found that in general the 
recovery from models that contained Pereriv B, C and D was high and the range of 
recovery was small. This was because the recovery was dominated by the high NTG 
layers where all the sand were connected and the layer had low tortuous flow path. 
From the third screening study on Pereriv B layer in isolation (section 4.7.3.1), it was 
found that modelling decisions in the high NTG layer affect recovery by less than 2%. 
The variations in recovery from Pereriv Suite models were dominated by the 
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variations in the modelling approach adopted in the low NTG Pereriv C. Since this 
layer contributes to a relatively small proportion of the total recoverable oil, its 
impact on the overall recovery was small. The overall cumulative oil recovery 
increased if there was net sand present in Pereriv C because of the larger amount of 
oil volume in place; however the recovery factor was reduced. 
4.8.2. Impact of interlayer connectivity 
When there was communication between low NTG Pereriv C and high NTG Pereriv 
B and D layers, therefore the cumulative oil recovery increases. Moreover, the 
production of injected water or gas was reduced. This suggested that having 
communication between layers with different NTG did not penalize production. Some 
realizations of the low NTG Pereriv C layer models had zero connectivity between 
injector and producer. In such a case, interlayer connectivity enhanced oil recovery, 
because sand bodies within the low NTG layer could be connected with the high NTG 
layer and hence provides pressure support and a flow path to produce the oil in the 
low NTG layer. By simulating recovery from high and low NTG layers alone, it was 
possible to gain understanding of the key heterogeneities which controlled the 
displacement in each environment without being affected by another layer. For 
example the impact of heterogeneities in Pereriv C on production was masked by 
co-mingling with the larger and more productive Pereriv B and D layers. The effects 
of inter-layer heterogeneities are discussed below. 
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4.8.3. Impact of heterogeneities within low NTG layers 
The results in this chapter demonstrated that modelling decisions in the low NTG 
layer (Pereriv Q had a much higher impact on oil recovery compared with the high 
NTG layers (Pereriv B and D). Channel sinuosity and stacking pattern were found to 
be the two dominant factors that influence oil recovery in this low NTG environment. 
The variation of channel sinuosity was important to the cumulative oil recovery as it 
controls sand body connectivity. Whereas the variation of the channel stacking 
pattern controls the flow path tortuosity and hence the sweep efficiency. The results 
from the screening study on Pereriv C were consistent with previous studies on 
channelized reservoirs with low NTG (Jones et al. 1995; Larue and Hovadik 2006). 
Although Pereriv C contributes only a small fraction of the total production in Azeri, 
the screening study results from Pereriv C could be applied in similar fluvial deltaic 
environments with low NTG, for example the overlying Balakhany reservoirs in the 
ACG field and other reservoirs with low NTG in the southern Caspian Basin. 
4.8.4. Impact of heterogeneities within high NTG layers 
As mentioned in section 4.8.1. modelling decisions in high NTG layers had a small 
influence on oil recovery. There was only a subtle variation in areal and vertical 
sweep efficiency that depended on channel orientation and stacking pattern. When 
models contained individual channel storeys which were oriented obliquely to the 
tectonic dip, the flow paths were more tortuous than in models containing multistorey 
channel belts that were oriented parallel to the tectonic dip. Since the latter models 
provided a direct flow path between wells, the recovery of models with individual 
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channel sand bodies oriented obliquely to the dip yield a slightly lower recovery 
(Figure 4.9). 
In the north flank high NTG screening studies (gas-oil displacement), all the models 
yielded high recovery with insignificant impact of heterogeneities (Figure 4.8A). It 
was found that the impact of heterogeneities on recovery under gas-oil displacement 
was below stochastic noise. This is mainly due to the high mobility of the displacing 
gas. In the south flank high NTG screening studies (water-oil displacement), 
heterogeneities had a larger but still small impact. Indeed, the mobility ratio had a 
large impact on recovery in high NTG reservoirs. The results in high NTG layers 
from this chapter were similar to those obtained by Larue and Friedmann (2005) 
These workers investigated the reservoir architecture (channel sandbody geometry 
and spatial distribution) and permeability heterogeneity (variation in permeability 
within channel sandbodies) on waterflooding in channelised reservoirs. They found 
that in a high NTG environment the reservoir architecture had only a small impact on 
water-oil displacement, as its connectivity is high. However, in their research the 
impact of gravity forces was not significant. The most important control on recovery 
was found to be the end-point mobility ratio. In Chapter 5, an investigation will be 
conducted to study the impact of different mobility ratios in reservoir models that 
contain more detailed geological features within high NTG layers during recovery by 
gas-oil displacement. 
4.8.5. Impact of different displacement schemes 
It was found that in most cases, the same heterogeneities had a significant impact on 
both gas-oil and water-oil displacements. This might be because both displacements 
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are stable (the water-oil displacement is mobility stable in the south flank and the 
gas-oil displacement was stabilized by gravitational forces in the north flank). This 
explanation was supported by the results of applying single phase tracer simulations. 
Figures 4.14A and 4-14B show that tracer simulations produced a very similar rank 
order of key heterogeneities in both flanks. This suggested that when the two different 
displacement schemes were considered to be stable (either mobility stable or gravity 
stable) they would yield the same interaction with heterogeneity. Therefore the 
stability of a displacement could be one of the most important factors that controls its 
interaction with heterogeneity. Another possible explanation was that the variation in 
recovery was dominated by sand body connectivity and the tortuosity of the flow path, 
and that the displacement stability had only a small impact on the ranking order of the 
heterogeneity factors. This interpretation suggested that even if the displacement was 
unstable, a similar response would be obtained. In Chapter 5, an investigation will be 
conducted to study the impact of geological heterogeneity on gas-oil displacements 
under different stability conditions. 
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Figure 4.14. Impact of different heterogeneities on flow within Pereriv B, C and D in (A, left) the north flank 
and (B, right) the south flank. Absolute percentage change in oil recovered after 20 years was plotted as distance 
from the center of the chart for each heterogeneity, to enable comparison between the previous simulations of tracer 
flow, gas injection, and water injection. The area around the center of each chart represents the average percentage 
change observed from different stochastic realizations. The tracer simulations captured the ranking order above 
stochastic uncertainty for both gas-oil and water-oil displacements, suggesting that gravity segregation, and relative 
permeability effects, were small. 
4.8.6. Wider application to ACG reservoir. 
In this chapter the reservoir-unit scale heterogeneities have been studied. However, 
the models were relatively simple, thus the results should be interpreted accordingly. 
A number of the heterogeneities at genetic-unit scale were not modelled in this 
chapter. For example, upward-fining trends within channel sandbodies may affect 
sweep efficiency; also mud-clast lags along channel bases can significantly reduce the 
effective vertical permeability. Moreover, the permeability heterogeneity within sand 
bodies (Kv: Kh) has also been demonstrated to significantly control recovery during 
water flooding (Friedmann et al., 2001; Larue and Friedmann, 2005). Therefore all 
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Pereriv B-D, South Flank: 
Simulation of water Injection 
Simulation of tracer flow 
Channel 
Ofientabon 
Intedayer 
connecbvity 
Channel 
Dimensions 
t, -,. - ti a- ti - ur!,, eriarnry 
after 20 iýar; 
1,3"T 
147 
these genetic-unit scale heterogeneities will be investigated in the next chapter. 
Another issue is that the impact of heterogeneities could be underestimated in this 
section because of the simplified flow conditions applied. Simulating incompressible 
flow conditions means that the impact on the reservoir pressure cannot be properly 
investigated. In addition, because of simulating 'dead oil' PVT properties, variations 
of reservoir pressure that lead to gas evolving from solution are not captured. As 
mentioned in Chapter 1, with Azeri's reservoir pressure at bubble point, any pressure 
reduction would release gas from the solution, thus producing a significant volume of 
gas. In Chapter 5, the impact of modelling more realistic fluid properties will be 
assessed. 
4.9. Conclusion 
This part of the project has investigated the impact of the reservoir-unit scale 
heterogeneities that are found in fluvial deltaic environments on gas and water 
flooding under simplified PVT assumptions. 
The following is a summary of the findings in this section: 
0 The local variation in NTG within Pereriv C and the interlayer connectivity 
between low NTG layers and the adjacent high NTG layers are the principal 
controls on oil recovery under both gas and water injection scheme. 
0 In most cases, the same significant heterogeneities impact are found in both 
water and gas displacements because both displacements are stable at the 
planned production rates. 
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* When sand is present in low NTG layers, the overall recovery increases 
because it locally increases the STOIEP. However the overall recovery is 
reduced because of poor sweep efficiency and sand bodies connectivity 
within the low NTG layers. 
9 In regions that have net sand in the low NTG layer, recovery is increased if 
there is communication between the high and low NTG layers. This is 
because the sand bodies are poorly connected to the wells, so if there is 
communication between adjacent high and low NTG layer, the pressure 
support from adjacent high NTG layers to improve the overall recovery. 
There is also an associated benefit in the reduction of the production of the 
injected water or gas. 
* In the low NTG layers, it is found that recovery is primarily controlled by the 
connectivity of the channel sand bodies to the wells, and by sweep efficiency 
within the connected sand bodies. 
9 Channel sinuosity is found to be the factor that controls the connectivity of 
the sand bodies to injector and producer wells. The connectivity increases as 
the channel sinuosity increases. 
0 Channel sand body stacking pattern is found to be the factor that controls the 
sweep efficiency within connected sand bodies. The sweep efficiency 
increases when the channel sands are stacked together to form multistorey 
channel belts. 
0 Geological heterogeneities within high NTG layers have only a relatively 
small impact on recovery when genetic-unit scale features are not 
considered. 
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* The variation in channel sandbody orientation and stacking pattern subtly 
controls the areal and vertical sweep efficiency within high NTG layers and 
hence recovery is affected by these parameters. 
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Chapter 5 
Combined screening study of 
genetic-unit and reservoir-unit 
scale heterogeneities 
1. Overview 
The investigation in the previous chapter was to find which geological 
heterogeneities at reservoir-unit scale have the most significant impact on total oil 
recovery and total gas/water production. It was demonstrated that geological features 
such as inter-layer connectivity, channel sinuosity and the variation of channel 
stacking patterns have significant influence on oil recovery, because these features 
control the connectivity of the sand bodies and the tortuosity of the resulting flow 
paths. However, in high NTG reservoir layers none of the reservoir-unit scale 
heterogeneities had a significant influence on displacement. Does this mean that it is 
possible to model these layers as homogeneous? 
At the genetic-unit scale (Chapter 2), the distribution of internal barriers or 
permeability zonation controls the vertical and areal sweep efficiency (Jones et al. 
1994; 1995). This chapter compares the influence of heterogeneities at different 
scales on reservoir performance. This chapter also identifies which genetic-unit scale 
heterogeneity has the largest impact on reservoir performance and investigates when 
genetic-unit scale heterogeneity factors are modelled, whether or not reservoir-unit 
scale heterogeneities have significant influence on the reservoir performance. 47- 
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From the outcrop analogues (Balakhany Quarry and Yasamal Valley, see Chapter 2) 
and core data collected from the Azeri Field (Reynolds et al. 2003; Reynolds and 
Riley 2003), a number of geological features at smaller length scales (genetic-unit 
scale) were observed. Typical features include mud-clast lags at channel bases, 
upwards-fining grain size trends, impermeable shales, and variable ratio of vertical 
permeability to horizontal permeability (Kv: Kh). Previous research has demonstrated 
that the internal geological features within a channel sand body can have a large 
influence on displacement (e. g. Weber 1986; Jones et al. 1994; Jones et al. 1995; 
Hartkamp-Bakker 1993; Ringrose et al. 1993). 
Geological heterogeneity at genetic-unit scale potentially has an influence on 
displacement. For example, a mud-clast lag at a channel base, because of its low 
permeability, may act as a vertical flow barrier, or increases the vertical flow 
tortuosity. This effect is similar to that of discontinuous shales on displacement 
(Haldorsen and Lake 1984; Begg et al. 1985; Begg and King 1985; Haldorsen and 
Chang, 1985; Begg et al. 1987). Other researchers (Richardson et al. 1977; Jones et al. 
1994) also suggested that during an immiscible displacement, oil is often bypassed by 
the displacing fluid in regions close to isolated shales. Fayers and Muggerldge (1990) 
and Shook et al. (1992) have shown that the variation in Kv: Kh within a sand body 
has a direct influence on the vertical equilibrium. The vertical equilibrium (VE) 
represents a stage of maximum cross flow occurring in the vertical direction (Shook 
et al 1992). The Shook et A (1992) suggested it is necessary to include such features 
in flow simulation studies, because they can influence the breakthrough time and 
cumulative oil recovery prediction. 
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Within any point of the Azeri Field the reservoir pressure is at the bubble point 
pressure. Any pressure reduction would result in gas coming out of solution. In the 
previous chapter, a simplified fluid PVT description (e. g. incompressible flow and 
fluids properties independent of pressure) was used. However, using a more realistic 
fluid PVT description such as gas evolved from solution when reservoir pressure 
dropped below the bubble point pressure may influence how the reservoir 
performance responds to the geological heterogeneity. In this chapter, a realistic fluid 
PVT description of the Azeri Field was applied in the screening study in order to 
compare the results with those of the simplified fluid PVT description. The impact of 
different fluid PVT description is thus understood. As discussed in Chapter 3, the 
stability of gas-oil displacement was controlled by the balance of gravity force and 
viscous forces, which is influenced by the offtake rate. In last chapter, the same rank 
order of influence of heterogeneities on both water and gas displacement was found. 
It was hypothesized that the reason was due to the stable displacements in both cases 
(water-oil displacement is mobility stable, and the gas-oil displacement is gravity 
stable for the proposed offtake rate). Under different stability conditions, the 
geological heterogeneity factors may have a different degree of influence on the 
displacement. For example, previous work (e. g. Weber 1986; Haldorsen 1986 and 
Fayers and Muggerldge 1990) showed that vertical flow barriers or a lower Kv: Kh 
ratio can have a positive influence on gravity unstable displacements, by increasing 
the vertical sweep efficiency. However such factors may have a negative influence on 
a gravity stable displacement. Therefore , there is a need to investigate the response of 
both gravity stable and unstable displacement with different heterogeneities. In this 
chapter a range of offtake rates were used to capture the mobility unstable gas-oil 
displacement to conduct the screening study. 
153 
5.2. Aims 
1. Identify the heterogeneities at the genetic-unit scale which have a potential impact 
on oil recovery. 
2. Develop a screening process to rank the impact of selected heterogeneities on oil 
recovery. 
3. Understand the interaction between different heterogeneities and gas-oil 
displacement in relation to the rank order. 
4. Apply a realistic fluid PVT description to the screening study in order to evaluate 
the PVT impact on the rank order of geological heterogeneities. 
5. Investigate the relationship between displacement stability and recovery response 
for the studied heterogeneities. 
5.3. Combination of genetic-unit scale and reservoir-unit scale 
heterogeneities in a fluvial deltaic reservoir 
The information about heterogeneities at the genetic-unit scale was mainly based on 
the outcrop analogues (Balakhany Quarry and Yasamal Valley) that were described in 
Chapter 2. Subsurface pressure, well log and core data from the Azeri and Chirag 
Field (Reynolds et al. 2003; Jones and Jerauld 2005) were also taken into account. 
Previous research on channelised reservoirs were also used for reference (Jones et al. 
1994 and 1995). 
Four genetic-unit scale heterogeneities were selected for investigation in this 
screening study (Table 5.1). This selection was based on a consideration of features 
that were widely recognized to have a large influence on reservoir performance by 
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previous researchers, production geologists and reservoir engineers (e. g. Haldorsen 
and Lake 1984; Begg and King 1985; Begg et al. 1985; Kortekaas 1985; Haldorsen 
and Chang 1986; Weber 1986; Stalkup and Ebanks 1986; Begg et al. 1987; Fayers 
and Muggeridge 1990; Shook et al, . 1992; Reynold et al. 2003; Jones and Jerauld 
2005). 
Factor i heterogeneity) Setting 1 Settina 
Mud-Clast lags No mud-clast lag at channel Mud-clast lag at each 
base channelbase 
Kv-. Kh ratio KvAh = 0.1 Kv: Kh =1 
Upward Fining Trend A single value of permeability is Channel-fill sandbodies with upward reduction 
assigned to the channel-fill sandbodies (the in permeability from 346ml) at the channel base 
mean permeability of 178ml)) 10mD at the top of the channel (the mean 
permeability of 178ml)) 
Extensive shales No extensive shale within high net-to-gross layers Extensive shale presence in high net-to-gross layers 
Channel Dimensions Small channel-fills: Large channel-fills: 
6m thick, 100m wide 6m thick, 200m wide 
Channel Stacking Channel-fill sandbodies treated Channel-fill sandbodies treated 
explicitly as stacked, multistorey explicitly as individual, single-storey 
channel-belt sandstones channel-fill sandstones 
Channel Orientation Channel-fill sandbodies are oriented Channel-fill sandbodies are oriented 
parallel to tectonic dip oblique (490) to tectonic dip 
Table 5.1. Factors (heterogeneities) investigated in the sensitivity analysis. The impact of these seven factors is 
investigated by observing the percentage change in average response when each factor is varied from setting 1 to 
sefting 2. 
5.3.1. Reservoir-unit scale heterogeneity factors 
Three reservoir-unit scale heterogeneities were chosen to be re-examined in this 
chapter from the range investigated in the previous chapter. These were channel 
orientation, stacking pattern and dimensions. It was found that they had an 
insignificant influence on reservoir performance in the previous chapter. However, 
when more detailed genetic-unit scale geological features were modelled, these 
reservoir-unit scale factors could be inter-linked with the genetic-unit scale factors; 
thus they might have a larger influence on reservoir performance than indicated in ZI 
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Chapter 4. For example, channel geometry influences the size of the mud-clast lag at 
channel bases; large channels have more continuous and larger mud-clast lags, 
whereas smaller channels will have less extensive and more distributed lags. 
These reservoir-unit scale factors were introduced and discussed in the previous 
chapter. It was found that with a simplified fluid PVT description, together with high 
NTG layers, the response of these factors to recovery and breakthrough werer within 
stochastic noise level. However, the influence of these factors might be significant if 
more realistic fluid PVT description applied. All the channels that were modelled in 
this chapter have low sinuosity (P=1.21). This provided a reasonable base case for 
Azeri as low channels sinuosity was estimated for Azeri (Reynolds et al. 2003) and 
no reservoir is likely to have completely straight channels. 
5.3.1.1. Channel orientation 
Paleocurrents from channel-fill sandstones in the Pereriv Suite reservoir in Azeri 
are generally directed towards the south, with a range of angles that varies from 
parallel to the tectonic dip to a 49' offset to the east (Reynolds et al. 2003). In an 
earlier study of other southern Caspian Fields showed that channel orientation within 
the Pereriv Suite was a major uncertainty in reservoir characterization (Abdullaev et 
al. 1998). It was recognized that if channels have an offset angle to the tectonic dip, 
the injected gas could experience a reduced dip angle. A shallower dip angle has a 
negative influence on the displacement stability. It was shown in Chapter 4 that the 
variation of channel orientation had insignificant influence on reservoir performance. 
However, when the reservoir contains genetic unit scale features, such as an 
upwards-fining permeability trend, or mud-clast 
lags at channel bases, channel 
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orientation could have a more significant impact on the gas displacement; for 
example, early gas breakthrough might occur in those models having channels offset 
to the east and with high permeability at the base of each channel. 
5.3-1.2. Channel stacking 
The outcrop analogue data presented in Chapter 2 demonstrated examples of 
individual single-storey channel-fill sandbodies and stacked multi-storey channel-belt 
sandbodies present within the deposition environment. Some of the genetic-unit scale 
features are associated with channel-fill sandbodies. Therefore, the channel stacking 
pattern influences the geometry and pattern of the genetic unit scale features. For 
example, the channel stacking pattern will affect the spatial distribution of mud-clast 
lags. Therefore, the variation in channel stacking pattern was re-examined in this 
chapter. 
5.3.1.3. Channel dimensions 
The outcrop analogue and sub-surface data presented in Chapter 2 demonstrated that 
the single-storey channel sand bodies vary in width between 100-200m. From the 
outcrop analogue data it was observed that variation in channel thickness was 
generally small, the thickness of the individual channels were c. 6m. Previous work 
(Jones et al. 1995; Larue and Hovadik 2006) demonstrated that channel dimension 
has a large influence on cumulative oil recovery in a channelised environment. 
Channel dimensions control the geometry of genetic-unit scale features such as 
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mud-clast lags at channel base. Therefore, the variation in channel dimensions was 
re-examined. 
5.3.2. Extensive shale within high NTG layers 
Production geologists observed impermeable shales within high NTG layers in 
core data. At the corresponding depth, RFT data also recorded a small pressure break 
across the shales (Reynolds et al. 2003). It is not clear how extensive these shales are. 
The pressure break across the shales suggested a possibility that minor flooding 
surfaces may be present in the high NTG interval due to the rapid lake level changes 
in the Caspian Basin (Chapter 2). Shales associated with the flooding surfaces could 
be extensive enough to divide the high NTG interval into separate layers. In order to 
test the influence of the presence of extensive shales in a high NTG interval on 
reservoir performance, this chapter compared the case when there was no extensive 
shale present in the high NTG layer, with a case when extensive impermeable shales 
divided the reservoir laterally into thinner intervals. 
5.3.3. Upward-fining trends within channel-fill sandbody 
Upward fining trend of the grain size within each channel-fill sandbody were often 
observed in the Pereriv Suite (Reynolds et al. 2003; Reynolds and Riley 2003). 
Upward-fining trends result in an upward reduction in permeability within each 
channel-fill sandbody. Such variations in permeability could have a large influence on 
recovery, as unswept or bypassed oil could remain in the low permeability upper part 
of the sandbody (Weber 1986; Weber and van Geuns 1990). This study compared two 
cases, one with only a single value of per m. eability was assigned to the entire 
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channel-fill sandbody (178mD) and the other one with the permeability valuez 
reducing upward within each channel-fill sandbody. In the second scenario, the 
permeability reduced linearly from 346mD at the channel base to I OmD at the top of 
the channel, resulting the same mean permeability within the channel of 178mD. 
5.3.4. Ratio of vertical and horizontal permeability within channel-fill 
sandbodies (Kv: Kh) 
One of the major uncertainties in the Pereriv Suite reservoir, or any 
flu vial -dominated deltaic reservoir, is the Kv: Kh ratio within individual sandbodies. 
Previous studies (e. g. Fayers and Muggerldge 1990; Shook et al. 1992) suggested that 
Kv: Kh ratio was the most important factor that controls displacement behavior when 
the displacement was mobility unstable but gravity stable, because the Kv: Kh ratio 
determined the rate of vertical segregation of a displacement. Gravity stability of a 
mobility unstable displacement is fundamentally controlled by vertical segregation. 
Therefore the Kv: Kh ratio has the potential to influence the gas-oil displacement 
performance. 
In this study, two extreme Kv: Kh ratios were considered. In the previous chapter it 
was assumed that the sandbodies were isotropic with Kv: Kh equal to one. In the case 
when sandbodies contained small scale geological features such as cross-bedding or 
lamination (Reynolds et al. 2003), they are normally anisotropic. There were no 
reliable Kv: Kh measurements available from the Azeri Field sands. Therefore a 
Kv: Kh value was assumed for the anisotropic sandbodies. Previous studies of high 
and low NTG fluvial reservoirs (Jones et al. 1994 and 1995) applied Kv: Kh equal to 
I for channel-fill sandbodies containing similar types of small-scale heterogeneities 
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to Azeri Field such as cross-bedding or lamination which were also found in the Azeri 
Field (Reynolds et al. 2003; Reynolds and Riley 2003). Therefore, a KvKh ratio of 
0.1 was assumed to represent the anisotropic sandbodies in this study. 
5.3.5. Mud-clast lags at channel bases 
In outcrop analogue and core data, lags of mud clasts were observed at the base of 
many channel-fill sandbodies. Mud-clast lags have low transmissibility and they are 
relatively thin compared with each channel sand body (<Im thick). Therefore 
mud-clast lags behave like discontinuous shales, preventing vertical cross flow. There 
are numerous studies (e. g. Haldorsen and Lake 1984; Begg et al. 1985; Begg and 
King 1985) which demonstrated that discontinuous shales have a large influence on 
displacement due to the reduction of the vertical permeability (see section 5.3.4). This 
chapter investigated the influence of the presence of mud-clast lags at the channel 
base. The shape, geometry and continuity of the mud-clast lags were correlated with 
the channel geometry and stacking pattern. Channels were stochastically distributed 
in the reservoir model (Chapter 4). To represent mud-clast lags, channel bases were 
assigned to have zero vertical transmissibility. Therefore, the mud-clast lag geometry 
and distribution were related to the channel geometry and stacking pattern. For small 
single storey channels, the mud-clast lags were smaller and were distributed more 
evenly compared with the case when large channels were stacked together. Since all 
the channels were stochastically distributed in the reservoir model, some channels 
were eroded by later channels, therefore mud-clasts were often found to be 
discontinuous. This is consistent to outcrop and subsurface observations reported in 
the sedimentology study (Reynolds et al. 2003). The selected heterogeneities are 
summarized in Table 5.1 
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5.4. Screening study design 
A two-level fractional factorial design was employed again in this chapter. The 
details of the method can be found in section 4.6 and in previous studies (e. g. Box et 
al. 1978; Montgomery 2005). This part of the screening study aimed to explore the 
impact of the heterogeneities across a combination of reservoir-unit and genetic-unit 
scales on the cumulative oil recovery, gas production and the total oil recovery factor 
in a high NTG reservoir layer. As discussed in section 4.6.3, the results from the high 
NTG layer study presented here can be applied to Pereriv B and D given that these 
two layers have high NTG (>85%). The high NTG results can also represent the 
entire Pereriv Suite in regions where Pereriv A, C and E have zero NTG. A2 7-3 
Resolution IV experimental design was used. Such a design requires 16 simulation 
experiments in order to quantify the impact of seven factors. The same experimental 
design matrix was used for all the screening studies reported in this chapter (Table 
5.2). 
161 
Parameter 
Runs 
1 
2 
3 
4 
5 
6 
7 
8 
9 
10 
11 
12 
13 
14 
15 
16 
Table 5.2. Experimental design matrix for 4 th sensitivity screening study. The parameter row denotes the 
heterogeneity factor; 1: Channel orientation; 2: Channel stacking; 3: Channel dimensions; 4: Extensive shales; 5: 
Upward fining trend; 6: Kv: Kh ratio; 7: Mud-clast lags . 
Similar to Chapter 4, three stochastic realizations of each reservoir model was 
generated, in order to determine the significance of the response from each 
heterogeneity factor compared with the stochastic uncertainty. 
5.5. Reservoir model construction 
A more realistic fluid PVT description was applied in this screening study. For 
this purpose, a conventional simulator had to be used, because the streamline 
simulator was considered not an ideal tool to simulate fluid PVT properties that 
changes with reservoir pressure (such as fluid compressibility and evolved gas from 
solution). These features are potentially important for reservoir behavior and the 
influence of heterogeneity on flow could be different if these physical mechanisms 
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were included. Hence a conventional simulator (VIP) was used so that a more 
realistic description of Azeri Field fluids could be included. 
The symmetry element reservoir model which represented the inter-well region had 
more than 500,000 grid cells (Chapter 4). It was not feasible to simulate such a large 
number of grid cells with the conventional simulator. A subset of the reservoir model 
was therefore used for conventional simulation. The subset models were 950m long, 
750m wide and 21m thick, and were extracted from the symmetry element models 
which were 1900m long, 1500m wide and 42m thick. With this design, the subset 
models contained a total of 62,160 cells. 
In order to ensure that the results from the subset models were comparable to the 
symmetry element models, the volume, flow rate and production time had to be 
scaled appropriately. It has been demonstrated that two reservoir systems were 
comparable when they have the same key dimensionless numbers (Shook et al. 1992). 
Any two immiscible displacements are considered to be identical, if they sharing the 
same values in respect to the following six dimensionless numbers. In other words, 
the difference in these six numbers indicates the difference between two 
displacements. 
RL = 
1,, 
_ k 
Effective aspect ratio 
H 
rh 
N,, tan 0 
Dip angle group 
H 
Ng = 
Buoyancy number 
kh Än, A, 09 cos OH 
"TL 
equation 5. A 
equation 5. B 
equation 5. C 
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M 
Arf 
End-point mobility ratio 
Aro 
equation 5. D 
Npc ro 
Afýkh 
Capillary number 
LUT 
equation 5. E 
Pf 
Density number 6kp equation 5. F 
Nomenclature 
length, F force t time, m mass: 1=1 means'has uruts of 
L Reservoir length NL 
H Reservoir thickness I=] L 
A Cross-secdonal area (a] L2 
9 Gravitational acceleration [a] Lle 
Fluids interfacial tenslonNFIL 
Sandbody porosity [z) fraction 
9 Reservoir dipping angleNradians or degrees 
kh Horizontal permeability I-) L 
k, Vertical permeabilityNL 
2 
Pi Density of phase jN mIL 3 
Aj Viscosity of phase j [a] ff-tfl-2) 
A4 Relative mobility of phase jN (F-UL 2 
q Volumetric flow rate [--I L31t 
S SaturationN fraction 
kf'j End-point relative permeability of phase j [=I fraction 
il T 
Displacement velocity [=] Ut 
Subscripts 
0 Oil phase 
f Displacing fluid phase (i. e gas or water) 
or Residual oil 
WC Connate water 
Table 5.3. Table of nomenclature. 
Shook et al. (1992) demonstrated that the variation in density number (N,, ) does not 
influence the recovery. Moreover, in this investigation the capillary force was 
assumed to be negligible; therefore, both the capillary number (Np, ) and the density 
number (N,, ) were ignored in this study. 
The volume of the subset model was chosen to keep the key dimensionless numbers 
(RL, No) the same between the subset model and the symmetry element model. Since 
the volume of the model changed, the rate and the injection time were also scaled 
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down in order to keep Ng the same. The end-point mobility (M) was not affected by 
the variation of the model volume. Therefore all the dimensionless numbers were 
matched between the subset model and the symmetry element model. The details of 
the scaling calculations are reported in Appendix 4 and it was found that the variation 
in model volume has negligible effect on the screening study. Reservoir model 
information is summarized in Figure 5.1 and Table 5.4. 
Heterogeneity model Coordinate Grid number Model length /m Grid block size/m 
North Flank: x 80 950 12 
Sector model Y 37 750 20 
z 21 21 1 
Total: 62160 
Table 5.4. information on subset reservoir model setting. 
,.? 1 /77 
1 oom 
1 oom Sorn 
Oil and gas production 
across the outlet face 
5ijrfl Z 
yJ, X 
Figure 5.1. The setting of the subset reservoir models mimics the displacement mechanism in the symmetry 
element model. 
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Gas injection across the 
inlet face A*#* 
5.6. The design of the displacement simulations. 
The investigation in this chapter started by conducting the geological screening 
study under simplified fluid PVT description. In the second part of this chapter, 
realistic Azeri fluid PVT description was applied to the screening study. All the 
screening studies were conducted in subset models with reviewed relative 
permeability curves, which were designed specifically to study gas-oil displacements 
in the central north flank of the Azeri Field. In order to compare with the results from 
Chapter 4, the influence of the variation in model's geometry and the variation in 
relative permeability curves are reported in Appendix 4 and 5 respectively. Table 5.5 
summarizes all the screening studies in this chapter under various conditions. 
The study in this section was similar to Chapter 4. The impact of the underlying 
aquifer and overlying gas cap were omitted and it was assumed that the displacement 
schemes on each flank were isolated, thus all the simulations in this chapter solely 
represent Pereriv B in the north flank of the Azeri Field. A streamline simulation 
package (3DSL version 2.2) and finite different simulation package (VIP Lankmark. 
2006) were used to conduct the screening studies under simplified and realistic Azeri 
fluid PVT description in this chapter. 
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Section of screening Fluids description Production rate Well control scheme 
study 
Section 5.6.1 Simplified fluid description 93.3% Dietz's No well control scheme 
critical rate applies 
Section 5.6.2 Realistic fluid description 93.3% Dietz's No well control scheme 
critical rate applies 
Section 5.6.3 Realistic fluid description 46.7% to 186.7% Dietz's No well control scheme 
I critical rate applies 
Section 5.6.4 Realistic fluid description 46.7% to 186.7% Dietz's I Well control scheme 
critical rate applies 
Table 5.5. Summary of screening studies under various conditions. 
5.6-1. Gas-oil displacement in a high NTG layer with simplified fluid PVT 
description 
The first part of this investigation is similar to the studies that were conducted in 
Chapter 4. This part of the screening study aimed to explore the impact of the 
combination of reservoir-unit scale and genetic-unit scale heterogeneity on reservoir 
performance within a high NTG environment (Pereriv B). Simplified fluid PVT 
description of incompressible flow, constant fluid properties and dead oil were 
assumed so a streamline simulator could be used. The advantages of using a 
streamline simulator were discussed in section 4.5. 
5.6.2. Gas-oil displacement in a high NTG layer with realistic fluid PVT 
description 
A more realistic fluid PVT description was used in this study, i. e. 
fluids properties 
are dependent on pressure. Figure 5.2A - 5.2E show the reservoir 
fluid properties 
against pressure. Geological heterogeneity may not only 
influence the movement of 
not only the injected gas, 
but also the movement of evolved gas from solution. 
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Geological heterogeneity could therefore influence the reservoir performance 
differently in simulations that capture more physical phenomena in the displacement. 
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Figure 5.2 (A-E)- Azeri reservoir fluids description at different reservoir pressure. (2A) Oil formation factor; 
the reservoir bubble point pressure 
is approximately 302 bara (21B) Gas formation factor; (2C) Oil viscosity (21D) Gas 
viscosity (2E) Gas compressibility measured 
in the Azeri reservoir. The fluids sample tests were done at c. 342K. 
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5.6-3. Study of a range of production rates on both simplified and realistic fluid 
PVT description 
In the previous simulations, 93.3% of the Dietz's critical rate was chosen as the 
production rate of each model. At this rate the displacement was gravity stable. 
However, in reality, because of uncertainty in the reservoir properties (e. g. rock 
permeability, reservoir architecture) and variations in production rate related to 
economic or technical issues, the displacement stability might not be able to achieve 
and vary through time. In the previous chapter, it was demonstrated that the mobility 
stable water injection simulations produced the same rank order of geological 
heterogeneities as that of gas injection. It was not clear whether the similar results 
were because the gas-oil displacement was gravity stable, or the same ranking order 
was independent of the displacement stability. A range of production rates (from 
46.7% to 186.7% of the Dietz's critical rate) was applied in this screening study. The 
purpose was to test the impact of displacement stability on the impact of various 
geological heterogeneities on flow. 
5.6.4. Well control scheme with realistic fluid PVT description 
In the final section of this chapter a well control scheme was applied to the 
simulation in order to mimic realistic Azeri Field operations, in which the production 
is constrainted to gas handling capacility. If the gas-oil-ratio (GOR) is higher than a 
platform can handling capacity, the production well has to be choked back. In this 
part of study, a well GOR control scheme was applied in the simulations together 
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with realistic fluid PVT description. The GOR limit of each well was set to be 534 m3 
(gas)/M3 (liquid), which is the maximum GOR that a platform can handle in the Azeri 
Field. If such a limit was exceeded, the production well was shut in. After the well 
was shut in, the potential GOR on production was tested every 30 days. If the 
potential GOR productions fell below this limit, then the well was re-opened. This 
part of the study investigates the variation in the rank order of geological 
heterogeneities when more realistic operating conditions were applied. In this section, 
the simulation was focused on a region that was near the production well (Figure 5.3) 
in order to study the influence of the well control scheme on the simulated flow 
behaviour. 
Figure 5.3. The setting of the subset reservoir model to mimic displacement mechanism close to the 
production well in order to study the influence of well control on the screening study. 
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5.7. Results and Discussion 
5.7.1. Gas-oil displacement in a high NTG layer with simplified fluid PVT 
description 
The first set of screening studies was conducted under the simplified fluid PVT 
description. Figures 5AA to 5B shows the recovery factor and cumulative GOR by 
gas injection for each of the 16 simulations in the fourth screening study. The 
variations of oil recovery and breakthrough time showed the impact of the ensemble 
of geological heterogeneities on reservoir performance. The range of recovery was c. 
59% - 72% and that of the cumulative GOR was c. 137% - 193% after 10 years 
injection. The results demonstrated that genetic-unit scale heterogeneity in high NTG 
layers (such as Pereriv B) had a much larger impact than reservoir-unit scale 
heterogeneitoes on simulated recovert. Compared with the range of recovery factors 
that were obtained from the 3d screening study on high NTG layer in Chapter 4, it 
was found that with genetic-unit scale heterogeneities included, a lower oil recovery 
was yielded. 
The variation in Kv: Kh ratio and the presence of mud-clast lags at channel bases 
were found to be the two most dominant factors that influence oil recovery. Figure 
5.5 demonstrate that by modelling Kv: Kh ratio equal to 1, the recovery factor was 
increased by c. 14.3% and total gas production decreased by c-7.9%. Modelling 
mud-clast lags at channel bases was found to be the second most significant factor 
that controls the reservoir performance under gas injection. By including mud-clast 
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lags in the model, the recovery factor decreased by c. 3.2% and total gas production 
increased by c. 2.5%. 
The results demonstrated that the impact of varying most of the reservoir-unit scale 
heterogeneity factors was close to or below the level of stochastic uncertainty. This 
suggests that the modelling decisions for these parameters were not important for the 
chosen range of parameter values. The results from this chapter were consistent with 
the results that were found in the P screening study reported in the Chapter 4. 
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Figure 5.4. Recovery factor (A) and cumulative gas oil production ratio (GOR) (B) as a function of time for each 
of the 16 simulation experiments run in the fourth sensitivity analysis on the Pereriv B layers based on simplified fluid 
PVT description. Analysis of these curves yielded the responses shown in Figures 5.5. 
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Figure 5.5. Average percentage change in recovery factor in subset models with simplified fluid PVT 
description after 10 years in north flank subset models of Pereriv B, observed when each factor in the sensitivity 
analysis is varied from setting 1 to setting 2 (Table 5.11). If the bar lies to the right then the change is positive. For 
example, modelling the channel sand Kv: Kh ratio equal to 1 (setting 2) increased recovery factor by c. 14.3% 
compared with modelling it equal to 0.1 (setting 1). The dashed lines denote the average percentage change observed 
from different stochastic realizations. If the impact of varying a factor is at or below the level of stochastic uncertainty 
then modelling decisions are unimportant for the chosen range of parameters. 
5.7.2. Gas-oil displacement in a high NTG layer with realistic fluid PVT 
description 
Figure 5.6 shows the recovery factor and cumulative GOR by gas injection for each 
of the 16 simulations in the fourth screening study under realistic fluid PVT 
descriptions. The variations of oil recovery and breakthrough time showed the impact 
of the ensemble ot geological heterogeneities on reservoir performance. The range of t7ý tn 
recovery factor was between c. 
65% - 82% and that of the cumulative GOR was 
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c. 535 - 850 
(SM3 /STM3 ) after 10 years of injection. Both recovery factor and 
cumulative GOR were measured under standard conditions. 
Figure 5.7 shows the average percentage change in recovery factor and total gas 
production at the end of 10 years production. With a more realistic fluid PVT 
description, it was observed that the Kv: Kh ratio still had the most significant impact 
on reservoir performance. The direct comparison between both screening studies with 
different fluid PVT description was summarized in Figure 5.8. 
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Figure 5.6. Recovery factor (A) and cumulative gas oil production ratio (GOR) (B) as a function of time for each 
of the 16 simulation experiments run in the fourth sensitivity analysis on the Pereriv B layers based on realistic fluid 
PVT description. Analysis of these curves yielded the responses shown in Figures 5.7. 
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Figure 5.7. Average percentage change in recovery factor and total gas produced in subset models with 
realistic fluid PVT description after 10 years in north flank subset models of Pereriv B, observed when each factor in 
the sensitivity analysis is varied from setting 1 to setting 2 (Table 5.1). The realistic fluid PVT description (Figure 5.2) is 
applied. 
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Figure 5.8. Absolute percentage change in recovery factor at the end of production period is plotted as 
distance from the centre of the chart for each heterogeneity, to enable comparison between simulations with simplified 
and realistic fluid PVT description. 
Under the realistic fluid PVT description, by increasing the Kv: Kh ratio from 0.1 to 
1, the recovery factor increased by c. 16.9% and the total gas production decreased by 
c. 5.5%. The influence of extensive shales on recovery factor was the second largest 
factor under realistic fluid PVT description. In this case extensive shales were 
modelled within the high NTG layer, the recovery factor increased by c. 1.5 % and the 
total gas production decreased by c. 1.2%. This demonstrated that the impact of 
extensive shale became more significant under realistic fluid PVT description. 
Mud-clast lags also influenced reservoir performance. However, with the realistic 
fluid PVT description, the magnitude of the influence of mud-clast lags was smaller 
compared ývith the case when simplified 
fluid PVT description was applied. The 
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recovery factor decreased by c. 3.2% under simplified fluid PVT description, whereas 
the same modelling decision only decreases the recovery factor by c. 0.8% under 
realistic fluid PVT description (Figure 5.7). 
5.7.3. Discussion of gas oil displacement in a high NTG layer with different 
fluid PVT description 
This discussion was divided into two sections. The first section, discussed the 
reasons underlying the observed rank order of geological heterogeneity. The second 
section discussed the impact of the fluid PVT description on the rank order of 
heterogeneity. 
5.7.3.1 Impact of the sand Kv: Kh ratio 
The sand Kv: Kh ratio was the most significant heterogeneity regardless of the 
fluid PVT description (section 5.7.1 and 5.7.2). If the Kv: Kh ratio was equal to one 
that means maximum cross flow could be achieved within a displacement. Whilst if 
the Kv: Kh ratio was much less than one, the majority of gas would move along the 
bulk flow direction instead of segregating upwards in vertical direction. This effect 
was captured by the effective aspect ratio RL (expression 5. A). RL is a function of 
Kv: Kh ratio; when RL is small, vertical cross flow is reduced hence the VE condition 
is less likely to be achieved. VE is important for mobility unstable (gas-oil) 
displacement, because the gravity stable condition is controlled by the degree of fluid 
vertical segregation. 
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If VE is not achieved, gas does not sweep the reservoir as efficiently, so the lower 
the Kv: Kh the lower the oil recovery. In the most extreme case when Kv: Kh becomes 
zero, the flow model becomes Buckley-Leverett type. There was no variation in 
saturation perpendicular to the reservoir dip. This phenomenon of vertical segregation 
was more obvious when the gas-oil average shock front mobility ratio was high 
(Figure A5.4). 
Including mud-clast lags in the reservoir model yields a similar influence on 
displacement to reducing the sand Kv: Kh ratio. Mud-clast lags act like discontinuous 
shales, because of their low permeability and discontinuous shape,. As Begg and 
King (1985) suggested, discontinuous shales reduce the effective Kv: Kh ratio, 
because they increase the vertical flow tortuosity. Hence, including mud-clast lags in 
the reservoir model reduce the recovery factor and increases the total gas production 
under both simplified and realistic fluid PVT description. 
5.7.3.2. Impact of the different fluid PVT description 
By comparing Figure 5.5 and 5.7, a similar rank order was found from the 
screening studies with different fluid PVT description. Both sets of screening studies 
demonstrated that the Kv: Kh ratio was the most significant heterogeneity influencing 
oil recovery and total gas production. The Kv: Kh ratio was the most important 
heterogeneity factor because it controlled the efficiency of vertical cross flow; and 
this did not change when the more realistic fluid PVT description was applied. 
Mud-clast lags exert a similar influence by hindering vertical cross-flow, regardless 
of the PVT description. 
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However, with a more realistic fluid PVT description, the modelling decision to 
include extensive shales was more important than in the case with a simplified fluid 
PVT description. Figure 5.9 compared the gas saturation under different fluid PVT 
description in models with and without extensive shales (sand Kv: Kh ratio equal to 1). 
The results demonstrated that, under the realistic fluids description, the gas saturation 
within the invaded zone was slightly higher than under the simplified fluid PVT 
description. Also, under the simplified fluid PVT description, the gas moved more 
rapidly towards the production well. 
Given that the reservoir pressure was very close to the bubble point, during 
production the reservoir pressure decreased below the bubble point. Therefore, gas 
was evolved from solution. Hence, more gas was generated under a realistic fluid 
PVT description. Figure 5.10 shows how the average reservoir datum pressure 
changed through time. 
One might expect that extensive shales would also reduce recovery by preventing 
vertical cross flow. However, as these shales were laterally continuous, they 
effectively divided the reservoir into separate thinner intervals. Therefore with 
extensive shales in the system, the effective cross sectional area to flow was reduced 
and so the distance required for the gas to segregate upwards to the top of a sub-layer 
was decreased. Extensive shales improved oil recovery simply because of the 
geometrical effect. It was suggested by Shook et al. (1992) that a thinner reservoir 
yields a higher recovery factor because of its geometry. Figure 5.11A and 5.11B 
demonstrate two reservoirs with different layering geometries at breakthrough. The 
reservoir containing thin intervals defined by widespread barriers recovers more oil at 
breakthrough. This phenomenon could be described by the dip angle group 
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N, 9(equation 5-B). As suggested by Shook et al. (1992), under the VE condition, the 
larger the dip angle group the higher the recovery. The presence of extensive shales 
divided a reservoir into layers. Meanwhile the 'global' Kv: Kh becomes zero as gas 
injected at the base of the model would not segregate to the top. This phenomenon 
and the dip angle group will be discussed further in Chapter 6. 
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Figure 5.9. Cross section view of gas saturation after 3 years of production in Pereriv B. An extensive shale 
was present in the middle of the model and realistic fluid PVT description (A) and simplified fluid PVT description were 
applied (B). Compared with the case where no extensive shale was present, and realistic fluid PVT description (C) 
and simplified fluid PVT description were applied (D). The producers and injector were labeled. The plots showed that 
the gas saturation is higher in the invaded zone in the models containing the extensive shale (A, B) than in the models 
lacking the extensive shale (C, D). With the extensive shale present, the gas saturation was subtly higher in the 
invaded zone. This effect is more obvious when realistic fluid PVT description was applied. 
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Figure 5.10. Average reservoir pressure at datum changes as a function of time for each of the 16 simulation 
experiments run with the realistic fluid PVT description. The reservoir datum pressure dropped below bubble point 
during the production period. Therefore gas was evolved out of solution. 
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Figure 5.11. Conceptual cross-section views of reservoirs with different layering geometry. Gas injection 
from the top (up-dip position) and a production well is located at the bottom of the model. The model with a thinner 
effective flow path (higher dip angle group No, 11B, Right) yielded higher breakthrough at oil recovery (BOR). 
i86 
Under the realistic fluid PVT description, when evolved gas from solution was taken 
into account, a thinner vertical thickness helped the gas migrate upward faster instead 
of being displaced in the bulk flow direction. Therefore, modelling extensive shale 
increased the oil recovery. However in the simplified fluid PVT description, there is 
no gas evolved from solution (Figure 5.1 IB). Hence this effect was not as obvious as 
the case where evolved gas was present. 
5.7-4. Impact of production rate 
All the simulation studies so far were conducted with production at 93.3% Dietz's 
critical rate. Therefore all the displacements within the screening studies were 
considered to be gravitationally stable. The production rate can be varied according to 
the hydrocarbon demand. Moreover, because of uncertainty in reservoir properties the 
displacement stability could be different from initial expectations. Therefore, it was 
necessary to extend the screening study to a wider range of displacement stabilities. A 
screening analysis focusing on the impact of different stability conditions (governed 
by a range of production rates) on the rank order of the geological heterogeneities was 
covered in this section. 
Figure 5.12A to 5.12D show the percentage change in average recovery factor and 
total gas production after 10 years of injection from simulation under both realistic 
and simplified fluid PVT description. A range of production rates has been applied in 
term of Dietz's critical rate. The figures show that the percentage change in average 
response is not strongly related to the production rate. Figures 5.12A and 5.12C show 
that Kv: Kh ratio is always the most important heterogeneity that influences recovery 
regardless of the fluid PVT 
description. Changing the sand Kv: Kh ratio from 0.1 to 1, Z-1 
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yields an increase in recovery of c. 16% at 46.7% Dietz's critical rate under both 
realistic and simplified fluid PVT description. At supercritical rates (186.7%ý Dietz's 
critical rate), the same modelling decision increased the recovery by c. 13% under 
simplified fluid PVT description and by c. 16% under realistic fluid PVT description. 
Increases in rate have a slightly larger influence on the response under simplified 
fluid PVT description; under the realistic fluid PVT description the recovery factor 
was less affected by the variation in rate. 
For total gas production, although the ranking order of heterogeneities at different 
stability conditions appeared to be the same, the magnitude of the responses 
decreased when the production rate increased. For example, under realistic fluid PVT 
description and at 46.7% of Dietz's critical rate, modelling Kv: Kh equal to I 
decreases the total gas production by c. 15%. By contrast, at 186.7% Dietz's critical 
rate the same modelling decision only decreases the total gas production by c. 3.3%. A 
similar impact was noticed under simplified fluid PVT description (Figure 5.12B, 
5.12D). 
The results suggested that the rank order was likely to be unchanged at different 
displacement stability. However, the magnitude of the response could change with the 
state of stability. If the displacement was gravity unstable, it was less likely to be 
affected by the geological heterogeneity. This was because the geological 
heterogeneity factor that controls the degree of the gravity stability has the largest 
influence on oil recovery and gas production. If the displacement was gravity 
unstable already, factors that affect VE became insignificant. 
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Figure 5.12 (A-D). Average percentage change in recovery factor (A, C) and total gas produced (B, D) 
after 10 years of production. A range of production rates were applied with the simplified fluid PVT (A, B) and realistic 
fluid PVT properl'ies (C, D). The points plotted showed the response when each factor in the sensitivity analysis is 
varied fron, 1 to setting 
2 (Table 5.1). 
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5.7.5. Discussion of the impact of production rate 
By using different production rates, a range of gravitational stability conditions were 
tested. It was found that the rank order of geological heterogeneities was not sensitive 
to the variations of displacement stability conditions. The result implies that the 
displacement stability does not affect the recovery in the manner of the geological 
heterogeneities. The results also explained why the mobility stable water injection in 
the south flank models yielded the same rank order as gas injection in the north flank 
models (Chapter 4). However, it was observed that the magnitude of the response did 
vary with production rate. 
At sub-critical rates (e. g. 46.7% of Dietz's critical rate), the largest response occurs, 
and the response decreased as the production rate increases. The results suggested 
that as the displacement became more unstable, the influence of the reservoir's 
geological heterogeneities became less significant. For the mobility unstable 
displacements, low rate helped the displacement to be stabilized by gravity because 
gas could segregate upwards to form a flat displacement front. In a homogeneous 
environment, maximum vertical cross flow occurred with offtake rate below Dietz's 
critical rate; the displacement was gravity dominated and VE was achieved. However, 
when geological heterogeneities were present, the heterogeneity factors influenced 
the degree of vertical cross flow. Such geological features directly influenced the 
state of VE in a displacement. For example, Kv: Kh controlled the degree of vertical 
cross flow. If gas could not segregate upwards freely even if the flow rate was below 
the Dietz's critical rate, the gas moved forward with the bulk flow direction. Previous 
studies have aiso shown that lower Kv: Kh has a positive impact on unstable 
displacements because vertical sweep efficiency is improved (Haldorsen 1986). For 
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mobility unstable displacement dominated by viscous forces, a high rate may magnify 
the influence of the geological features, e. g. fluids may channel through high 
permeability layers. 
However, Figure 5.12 showed that the higher the offtake rate (less gravity stable), 
the heterogeneity became less significant for this mobility unstable gas-oil 
displacement. This was because the factors that control vertical segregation had the 
largest influence on the reservoir performance. The VE condition requires both 
vertical cross flow and gravity dominated flow. Compare with gravity unstable 
displacement, gravity stable displacements are more sensitive to heterogeneities that 
impede vertical segregation. If the displacement was gravity unstable already, gravity 
segregation can have very little influence. Even though gas can segregate upward 
freely, injected gas would form an over-riding gas tongue instead of forming a flat 
displacement front. Therefore the impact of the geological features on cross flow 
became less significant. Figure 5.12 shows that the higher the offtake rate (further 
away from stable condition) the less important the heterogeneity factors. This 
phenomenon was more obvious when simplified fluid PVT description was applied 
(Figure 5.12A- 12B) 
5.7.6. Impact of well control scheme 
Figure 5.13 showed the recovery factor and cumulative GOR by gas injection for 
all the 16 simulations in the fourth screening study with realistic fluid PVT 
description. The results were generated at c. 93.317c Dietz's critical rate with a well 
control schenic applied. The variation of oil recovery and 
breakthrough time showed 
the imp-ct of the ensemble of geological heterogeneities on reservoir perforniance. 
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The range of recovery factor was c. 58% - 74% and that of the cumulative GOR was c. 
227-305 (SM3/STM3 ) after 10 years injection. Both recovery factor and cumulative 
GOR were measured under standard condition. 
A production control scheme was now applied to the simulations such that the 
production well was shut in and re-opens based on the test of GOR. Figure 5.13A 
demonstrates that the sand Kv: Kh ratio still has the most significant impact on 
recovery factor, regardless of production rate. By switching sand Kv: Kh ratio from 
0.1 to I, the average recovery factor was increased by c. 15 % +1 %. The results were 
similar to those in the previous section where no well control scheme was applied; it 
was observed that the magnitude of the response was not sensitive to the production 
rate (Figure 5.12C). 
However, the impact of the heterogeneities on total gas production was very 
different in cases with or without the production control scheme. Figure 5.13B shows 
the impact of heterogeneity on total gas production when the well control scheme was 
applied (compare with Figure 5.12D). It was found that Kv: Kh ratio remains the most 
significant heterogeneity when the production rate was below or at Dietz's critical 
rate. However, when the production rate exceeded Dietz's critical rate, channel 
distribution and extensive shales became the two most significant heterogeneity 
factors that influenced the total gas production. 
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Figure 5.13. Recovery factor (A) and cumulative gas oil production ratio (GOR) (B) as a function of time for 
each of the 16 simulation experiments run in the fourth sensitivity analysis on the Pereriv B layers based on realistic 
fluid PVT description: well control scheme was applied. The results were generated under C-93.3% of Dietz's critical 
rate. Analysi-1; of these curves yielded the responses shown 
in Figures 5.14. 
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Figure 5.14 (A-B). Average percentage change in recovery factor (A, top) and total gas produced (B, 
bottom) after 10 years of production 
in north flank subset models of Pereriv B. A range of production rates were 
applied with the ý-eajjstic fluid 
PVT description and well control scheme. The points plotted show the response when 
each factor,,, i i-, , sensitivity analysis was 
varied from setting 1 to setting 2 (Table 5.1). 
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5.7.7. Discussion of the impact of the well control scheme 
The purpose of applying the well control scheme is to limit the production GOR. 
The production GOR increases with increasing production rate. When offtake rates is 
higher than the Dietz's critical rate the displacement becomes gravity unstable so a 
gas tongue develops. Therefore, the higher the offtake rate is, the higher the 
cumulative gas production will be. By applying a well control scheme the gas 
production can be limited (Figure 5.6B, 5.13B and 5.15A). 
It was demonstrated that in cases when the well control scheme applied, the 
recovery factor was reduced by c. 10%. This was because the production wells were 
shut-in from time to time due to the GOR limit (Figure 5.15B). Moreover, when there 
was no well control scheme, the recovery factor increased with the offtake rate. 
Otherwise, with well control scheme applied, the maximum recovery factor was 
achieved when 93.3% Dietz's critical rate was applied. 
In the screening studies with well control, it was found that the Kv: Kh ratio had the 
largest impact on recovery regardless the production rate (Figure 5.13A). The results 
were the same if no well control was applied (see section 5.7.4). 
It was not straightforward to explain the impact of heterogeneity on total gas 
production. When the displacement was stable, the sand Kv: Kh ratio was the most 
important factor for total gas production, as shown in the other screening studies. 
However, when production exceeded the critical rate, it was found that channel 
distribution becanie the most important heterogeneity factor for total gas production. 
The reason for this was not yet clear. Once the displacement became un,, table, in 
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theory gas tongues were formed that lead to large amounts of gas being produced. 
When the well control scheme was applied, gas production was restricted because the 
production well was shut in. Therefore, gas would migrate back to higher positions 
(Figure 5.16E - 5.161). The production well opened again once the amount of gas 
near the production well fell below the constrained GOR limit. The gas migration 
direction was a lot more complex than the case where no well control scheme was 
applied. Gas migration was related to how often the well was opened and how far the 
gas has migrated away from the well, so that the macroscopic gas displacement was 
not mainly driven by the production rate. 
To understand the rank order, it requires a thorough study of the influence of 
heterogeneity on gas migration during shut-in, and to de-alias the responses due to the 
influence of heterogeneity during displacement. These studies were beyond the scope 
of this project and further work was needed. 
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Figure 5.15. Average GOR (A, top) and recovery factor (13, bottom) as a function Of production rate when 
different well control scheme was applied. The cumulative recovery factor was found to be c. 10% higher than the 
case when well control scheme was applied. However the cumulative GOR was found to be much lower when the well 
control scheme was applied, and the 
highest cumulative GOR is found when C., 16.7% Dietz's critical rate was used. 
Both simulaT, oris, were conducted under realistic 
fluid PVT description. 
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Figure 5.16. Plan view of thickness-averaged permeability (A) ; and thickness-averaged mobile gas saturation 
plot of year 1 (B) , year 2 (C) , year 3 (D) and year 5 (E-1) of gas injection in a north-flank sector model of Pereriv B 
under realistic fluid PVT descriptions with a well control scheme applied. The white dotted line represents the inlet face 
of gas injection and the location of a producer well is also labeled. The 5 th year of injection was focused in order to 
demonstrate the influence of well control. A cross-section view of gas saturation was also plotted for figure E-1. In the 
5 1h year of injection, the producer was shut during the 1" (E), 5 1h (G) and the 91h (1) month and re-opened during the 3 rd 
(F) and the 7 th (H) month. The opening and shuffing-in of the producer was based on the well's GOR constrain. There 
was a subtle variation of gas saturation between the shut-in and open periods; while the producer was closed, lower 
gas saturation was found near the producer and higher gas saturation was found at a higher position (black circle). 
The results demonstrated that gas moved to a higher position during the shut-in period. The figures demonstrated an 
example of the variation of gas saturation in one of the high NTG sector models under 93.3% Dietz's critical rate. 
5.8. General discussion 
The results discussed in this chapter show a similar rank order of the heterogeneity 
factors from the screening studies under both simplified and a more realistic PVT 
ption had only descriptions. This suggested that the realistic fluid PVT descri a minor 
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influence on the rank order. Therefore the streamline simulator was adequate for 
identifying which geological heterogeneity had the largest influence on reservoir 
performance. 
As mentioned in Chapter 3, gas-oil displacement was mobility unstable, but it 
could be stabilized by gravity when the offtake rate was below the Dietz's critical rate. 
However, reservoir offtake rate might be subject to the demand for hydrocarbon. This 
chapter discussed screening studies which covers a range of offtake rates. These 
studies were undertaken to test the relationship between the gravitational stability of 
gas-oil displacement and the rank order of heterogeneity factors. It was found that 
reservoir performance was less sensitive to heterogeneity under gravity unstable 
displacement compared with gravity stable displacement. Mobility unstable 
displacements could yield a high recovery if the displacement was under vertical 
equilibrium (VE) and a gravity stable condition. Perfect VE occurs when complete 
vertical segregation occurs in a gravity dominated displacement. It was found that the 
heterogeneity factor that controls the vertical segregation had a significant influence 
on immiscible mobility unstable displacement. Thus, a gravity stable displacement, 
was more sensitive to the factors that influence the vertical segregation in 
displacement such as sandbody Kv: Kh. It was because a gravity stable displacement 
required long enough time for injected fluid to establish VE, i. e. it required offtake 
rate below Dietz's critical rate. On the other hand, if the offtake rate was larger than 
the Dietz's critical rate, the different degree of vertical segregation became 
insignificant because the displacement was strongly influenced by viscous forces and 
eventually no longer in VE. Thus, the heterogeneity factors had less influence on a 
reservoir's performance when the offtake rate was higher than Dietz's critical rate. 
For viscous force dominated displacement, the variation in permeability yielded a 
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larger influence on sweep efficiency, compared with the factors that solely influence 
the fluids vertical segregation. 
The influence of the 'non-reservoir' activity might be underestimated during the 
reservoir modelling process. In reality, reservoir performance is often affected by 
'non-reservoir' factors, such as production well shut-in for pressure tests or because 
of equipment constraints (e. g GOR limit). The impact of well control schemes was 
considered in this chapter. The results from this investigation demonstrated that such 
activity affects the sensitivity of the reservoir performance response to the geological 
heterogeneity factors. This is because the 'non-reservoir' activity itself is also 
affected by the geological features. For example, the duration of a well shut-in period 
is related to both injected gas movement during the production period and in-situ gas 
migration during the production well shut-in period. However, the heterogeneity 
factor that has the largest influence on injected gas movement during a production 
period may not have the same influence on in-situ gas migration during the well 
shut-in period. Therefore if a 'non-reservoir' activity is introduced to the 
displacement process, the rank order of the influence of the heterogeneity factor on 
gas-oil displacement would be compounded with the impact of the 'non-reservoir' 
activity. It would be necessary to conduct screening study before and after 
4non-reservoir' activity take place, e. g. well control scheme, as the reservoir condition 
would be different. 
All the results showed that the genetic-unit scale heterogeneity factors in the Azeri 
environment had a larger influence on reservoir's performance than reservoir unit 
scale heterogeneity factors if no well control scheme has been applied. The results 
demonstrated that the heterogeneity factors on a larger scale did not necessarily have 
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a larger influence on flow. In fact, heterogeneity factor at any scale could have 
significant influence on reservoir performance. Hence, by using a 'top-down' 
modelling approach, it was possible to underestimate the uncertainty due to the 
smaller length scale heterogeneities. Therefore, the influence of the heterogeneity at 
all length scale should be studied. 
5.9. Conclusions 
This part of the project investigated the impact of a combination of genetic unit and 
reservoir unit scale heterogeneities on gas flooding in fluvial-deltaic reservoir. 
The following is a summary of the findings in this section: 
0 The heterogeneities that control the approach to vertical equilibrium in this 
environment (Kv: Kh) were the most influential on the gas-oil displacement. 
The modelling sand Kv: Kh ratio below I and including mud-clast lags at 
channel bases decreased the oil recovery factor and increased the total gas 
production. 
e When gas was evolved from solution, laterally extensive shales became more 
important because they reduced the vertical migration distance for the gas, and 
thus helped the gas to be stabilized by gravity. When extensive shales were 
present, total gas production decreased and the oil recovery factor increased 
compared with the homogeneous case. 
Variations in displacement stability did not change the rank order of the 
geological heterogeneities. However, different stability conditions changed 
the magnitude of the flow response to these heterogeneities. It was observed 
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that if the displacement was more gravity unstable, the reservoir performance 
was less sensitive to the influence of the geological heterogeneities. 
9 This screening study identified that the same significant geological 
heterogeneities had a greater influence on gas production when a well control 
scheme was applied. It happens when the production rate exceeds the Dietz's 
critical rate. However, the main reason was that these factors influence the 
total gas production was not yet fully understood. This needs to be 
investigated further. 
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Chapter 6 
Rapid estimation of oil recovery 
6.1 Overview 
Currently there is no rigorous analytical method available which can predict oil 
recovery with a high degree of accuracy because of the large amount of uncertainty 
associated with reservoir geological properties and how it impacts flow behaviour. 
The usual method used is to conduct a number of numerical simulations that take 
different possible geological realisations and fluid properties into account. However, 
subsurface data are sparse, and reservoir architecture is often poorly understood. 
Moreover, not all geological heterogeneities have a significant influence on recovery. 
Using the numerical simulation based hi story- matching methods, it is possible to 
estimate reservoir performance using a 'trial and eliminate error' process, but this is 
both time consuming and unreliable. Developing an analytical method to estimate 
cumulative oil recovery can help quickly constrain reservoir performance. In order to 
develop a method to analytically estimate the range of recovery, it is first of all 
important to identify the geological heterogeneities that influence a displacement 
mechanism at a specific length scale. 
The previous chapters identified that the factors affecting sandbody connectivity 
(Chapter 4), and the vertical equilibrium condition of a displacement (Chapter 5) had 
the most significant influence on fluvial deltaic reservoir performance. In this chapter, 
the investigation focused on the influence of the heterogeneities within Pereriv B and I 
2 , 4.07 
D layers in the Azeri Field on gas-oil displacement, as an example of mobility 
unstable displacement. These layers had high NTG (NTG >85%) so all sandbodies 
were connected. Thus, connectivity was not a problem in these layers (theoretical 
connectivity threshold for a 3D reservoir model was c. 30-35% NTG; King 1990; 
Hovadik and Larue 2007). This chapter will first review the factors that influence an 
immiscible mobility unstable displacement mechanism influenced by gravity. From 
the previous chapter, it was found that the variation in length and distribution of 
mud-clast lags and Kv: Kh ratio had the largest influence on recovery in the high NTG 
reservoir. Therefore, reservoir heterogeneity was represented in terms of impermeable 
shales bodies. The second part of this chapter studied the impact of shale with 
different characteristics on mobility unstable gas-oil displacement and suggested a 
scheme that constrains the upper and lower boundary of cumulative oil recovery in 
Pereriv B and D interval. 
6.2 Aims 
1. Analyse the impact of various shale distribution and geometry on immiscible 
mobility unstable displacement. 
2. Identify a scheme to give rapid estimation of the likely range of oil recovery, 
which incorporates the impact of shales. 
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6.3 The challenge of recovery prediction 
Both Buckley-Leverett and segregated flow models are commonly used to describe 
the immiscible displacement mechanism. In the absence of capillary forces, the 
degree of vertical equilibrium (VE) indicates which flow model is the most suitable. 
VE is achieved when maximum vertical cross flow occurs and gravity dominates the 
displacement (Dake 1978; Shook et al. 1992). Previous studies (Dake 1978; Shook et 
al. 1992) suggested that the effective aspect ratio (RL) and buoyancy number (Ng) are 
the two factors that indicate the degree of VE in a displacement. This is because RL 
indicates the degree of vertical cross-flow whilst Ng indicates the balance between 
viscous and gravity forces in a displacement. In general, when the aspect ratio is 
small, vertical cross flow is less likely to occur and hence VE is unlikely to be 
achieved. 
L 
rkh, 
RL -- T HC Effective aspect ratio 
h equation 6. A 
Similarly when Ng is large (e. g. offtake rate is less than the Dietz's critical rate) this 
indicates that the displacement is dominated by gravity force, whereas when Ng is 
small (e. g. offtake rate is a lot higher than the Dietz's critical rate) then the viscous 
force dominates the displacement. VE will not be achieved in a viscous force 
dominated displacement. 
Buoyancy number 
Ng = 
kh Ä, ADgcos OH 
"TL 
equation 6. B 
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If VE is perfectly satisfied and capillary forces are negligible, the segregated flow 
model is more suitable than the Buckley-Leverett flow model to describe a 
displacement (Dake 1978 ). 
In the absence of capillary forces, immiscible displacement in a 2D anisotropic, 
homogeneous reservoir is also influenced by dip angle number (NO) and end-point 
mobility ratio (M) (Shook et al. 1992). These dimensionless numbers are used to 
indicate the difference between two displacements. 
No 
L 
tan 0 
Dip angle group H 
Arf 
M 
End-point mobility ratio 
Aro 
The parameters in all the equations are surnmarised in Table 6.1. 
equation 6. C 
equation 6. D 
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Nomenclature 
leý F force t bmeý m mass [=] mearis'has unas of 
L Reservoir length I-) L 
H Reservoir thickness L 
A Cross-sectional area L2 
3 Number of shale per meter 
I Shale's length [a] L 
Fs Shale's density N fraction 
t Shale's thickness [a] L 
T Reservoir thickness [=I L 
Ns Number of shale 
9 Gravitational acceleration [z] Ue 
0 Reservoir dipping angle N radians or degrees 
ki, Horizontal permeability [m] L2 
kv Vertical permeability NL 2 
Pi Density of phase j [z] m/L 3 
Ai Viscosity of phase j [-] (F-VL 2) 
Relative mobility of phase JN (F-tfL 2)-1 
Sandbody porosity [-] fraction 
Fluids interfacial tension [m] F& 
q Volumetric flow rate NL 3tt 
S! Saturation [--I fraction 
kr'j End-point relative permeability of phase j [c] fraction 
UT Displacement velocity [z] Ut 
Subscripts 
0 Oil phase 
f Displacing fluid phase (Le gas or water) 
or Residual oil 
WC Connate water 
Table 6.1. Table of nomenclature. 
As discussed earlier in Chapter 3, the end-point mobility ratio (M) indicates the 
displacement stability. For a mobility stable displacement the variation in VE 
condition has a negligible influence on recovery. The dip angle number (No) indicates 
the influence of the reservoir geometry on recovery when VE is achieved. If the dip 
angle number is large (e. g. thin reservoir with highly dipping angle) and VE is 
achieved, the recovery would be increased for the gravity stable displacement as 
shown in Figure 5.9 and demonstrated by Shook et al. (1992). However, if the 
displacement is dominated by viscous forces, the variation of Nq is insignificant. 
Therefore, recovery depends on both reservoir geometry and the state of VE. 
A mobility unstable displacement can be stabilised by gravity as indicated by 
Dietz 9s stability analysis. The Dietz's gravity stable displacement condition is 
211 
indicated by the gravitational number (G) and end-point mobility ratio (M) (Chapter 
3), that is based on the assumption that fluids with lower density can freely segregate 
upwards to form a sharp interface between the fluids which have different densities. 
Therefore Dietz's stability analysis assumes VE has been achieved. The analysis can 
be expressed in terms of end-point mobility ratio (M), dip angle group (No) and 
buoyancy number (Ng). The following expressions demonstrate the gravity stable 
condition can be expressed in terms of the dimensionless numbers presented by 
Shook et al. (1992). 
q 
; gravity stable condition occurs when G>M- I (equation 3. B 
and 3. C in Chapter 3) 
N xN XM=AkhAro'AlogcosOH 
L 
tan Ox 
A 
rf 
90qL "H Aro 
G=N, xNg XM 
G=--= 
M 
r khA: f AApg sin 0 
q 
= Ng X NO 
Therefore the rearranged stability condition: 
G 1>1- 
II 
G>M-1 M NOXNg >I-- 
m 
kh Arf 'AApg sin 0G 
q 
The expressions above show that recovery may be different with the same value of 
G (the No and Ng can be different). For example, recovery would be different in a thin 
reservoir (larger dip angle group) with displacement at high offtake rate (small 
buoyancy number) and a thick reservoir (small dip angle group) with low offtake rate 
(large buoyancy number), although both cases would have the same value of G and M. 
r 
khA, 
f AApgsinO 
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Recovery would be different because of the different geometry effect and the 
different balance of viscous and gravity forces. 
6.4 Shale description and influence in high NTG sandstone 
reservoirs 
Chapter 5 showed that impermeable barriers such as shales and mud-clast lags, and 
anistropic Kv: Kh of the sandbodies had the largest influence on mobility unstable 
gas-oil displacement in high NTG reservoir (Pereriv B/D). In order to obtain a rapid 
estimation of the likely range of recovery, using a model that could incorporate some 
geological heterogeneity, the Pereriv B/D model was simplified to a sand-shale 
reservoir. This is a common way of characterising a reservoir (Prats 1972; Richardson 
et al. 1977; Haldorsen and Lake 1982; Begg and King 1985; Halclorsen 1986; 
Haldorsen and Chang 1986; Begg et al. 1987; Borner et al. 1988; Ciarnmetti et al. 
1995; de Riz and Muggeridge 1997; Jackson and Muggeridge 2000; Ringrose et al. 
2005). Two end-members of shale character were used. One end-member was 
continuous shale whose length was longer than the interwell spacing - these shales 
reduced the effective flow path thickness (H). The other end-member had shales that 
were short and discontinuous, which controlled the effective Kv: Kh of the sandbody. 
Modelling and simulation time could be reduced by reducing complex geology to a 
simple sand and shale description. Another advantage of this method was to reduce 
the complex geological features into a quantitative parameter; therefore the method 
provided the possibility of representing the influence of geological features on 
reservoir performance in an analytical expression. Here, the presence of shale either 
affected the reservoir geometry 
(H: L) or vertical cross flow (effective Kv: Kh), hence 
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the influence of shales can be captured by RL or No. However, by reducing the 
complexity of the geological description, some of the fine scale heterogeneities, 
which may influence flow behaviour, are neglected. 
The variation of VE is the main factor that controls the displacement. The areal 
displacement was not studied in this chapter. Therefore all work in this chapter refers 
to 2D models. King (1990) and Hovadik and Larue (2007) demonstrated that for a 2D 
system the connectivity threshold was c. 55%-60% NTG. Sandbody connectivity 
reduced rapidly when the NTG of a 2D system was reduced to, or below, 60%. In 
case the connectivity below 100%, the geological features that influence connectivity 
became important for reservoir performance. Hence, in order to constrain the study in 
a high NTG 2D model, the investigation in this chapter considered the range of NTG 
varying from 60% to 100%. 
6.5 Methodology and design of experiment 
This investigation studied the influence of shale on a mobility unstable gas-oil 
displacement. Models with 3V of dip were used to conduct the experiment in order to 
mimic the Pereriv B/D interval in the Azeri Field. The descriptions of geological 
heterogeneity were simplified to sand (flow unit) and shale (no-flow unit). The same 
fluids and rock properties and relative permeability curves that were used in the 
preliminary displacement study in Chapter 3 were also applied here (Table 3.1 and 
Figure 3.1) with sandstone permeability equal to one Darcy. 
The first series of 2D models (scheme A) explicitly contained discontinuous shales 
of different iengths. All the shales were one metre thick in 
Z coordinate and four 
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different shale lengths were modelled through a range of NTG to capture the 
influence of shale length on reservoir performance. All the shales were distributed 
randomly in this model. Eight realisations were generated in order to avoid a bias 
value from a particular realisation of shale distribution. Figure 6.1 shows two 
examples of scheme A models with different shale lengths. 
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Figure 6.1. Example of Scheme A model (explicitly modelled shales) in a reservoir of 90%NTG; (A, left) Left 
shows the case where the shale: reservoir length ratio equal to 0.01. (B, right) Right shows the case where the shale: 
reservoir length ratio equal to 0.8. 
In the second series of 2D models (scheme B), discontinuous shales were implicitly 
modelled, by correlating shale properties (i. e. the average vertical distance between 
shales, the thickness, length and the NTG) from the scheme A models, and applying 
Begg and Kings' (1985) expression to determine the effective Kv: Kh ratio. 
KH(I - Fs) Kv =- 
(I+s 
1)2 
2 equation 6. E 
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The third and final series of 2D models (scheme Q contained continuous shales. In 
these models, it was assumed that the extensive shales divided the reservoir into 
thinner layers with reduced thickness (H) (Figure 6.2). Assuming the sand between 
the shales was homogeneous, and the shales were distributed evenly throughout the 
reservoir. The thickness of a layer would be given by: 
HT- 
Nst 
(Nst + 1) equation 6. F 
Therefore, in essence, simulations were conducted in stacked homogeneous models 
with thickness equal to the distance of separation between shales. Figure 6. C shows 
the effective flow path thickness in models of different NTG. 
Figure 6.2. Extensive shales divide the reservoir into a number of thin layers. 
Gas 
I 
Oil 
, -, I () 
Figure 6.3. Variation of effective flow path thickness against percentage change of NT(a If the fraction of 
effective flow path: reservoir thickness ratio is 1 that means the reservoir thickness is equal to the effective flow path 
thickness. 
Besides the heterogeneous models described above, two numerical simulations in 
homogeneous reservoirs with Kv: Kh ratio equal to I and 0 respectively were 
conducted. The purpose was to compare the cases with either the VE was perfectly 
achieved (Kv: Kh =1), or no vertical cross flow was possible (Kv: Kh =0). Hence the 
influence of different character of shales on displacement can be understood. 
6.6 2D model construction and flow simulation 
In order to perform the experiments described in section 6.5, gas-oil displacement 
with offtake rate c. 46.7% of Dietz's critical rate were conducted by numerical 
simulation in a range of dipping 2D reservoir models. With the offtake rate below 171 
Dietz's critical rate, the displacement was expected to be gravity force dominated. 
Each of these 2D models is 1000m long, 10m wide and the vertical thickness of each L- 
model is I 00rn. In scheme C, since the continuous shales were considered to be 
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distributed evenly, the model was divided into a number of layers with the same 
thickness according to equation 6. F (Figure 6.3). Since each layer had the same 
cross-sectional area, the flow rate entering each layer was the same, so the recovery 
factor from one layer was equal to the recovery factor for the whole model. Therefore, 
in each scheme C experiment, only one layer was simulated and the model thickness 
changes with NTG which is based on equation 6. F. de Riz and Muggeridge (1997) 
applied a similar approach to study displacements between shales. 
Each grid cell is lOrn long and wide and, given that the model thickness changes in 
scheme C (Figure 6-3) and the grid layer thickness was set to be 1/200 of the model's 
thickness, (i. e. for a model which has 100m on Z coordinate the grid cell thickness 
was 0.5m). Therefore all the models had 20,000 grid cells. 
In Appendix 2, it is shown that a model with a grid cell thickness of 1/200 of the 
model thickness is capable of capturing any viscous fingers that could occur in a 
displacement. The details of these 2D models are summarised in Table 6.2. 
Coordinate Grid number Model length /m Grid block sizelm 
x 100 1000 10 
y 1 10 10 
z 200 100 (Thickness changes with 0.6 (Thickness changes 
-1 
scheme C models) with scheme C mode s 
Total: 20000 1 
1 
Table. 6.2. information on reservoir model setup for the numerical simulations presented in this chapter. 
Simplified fluid PVT description (incompressible fluids and dead oil), were applied 
to the numerical simulation. It was the same conditions that were used in Chapter 
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A streamline simulator incorporating gravity effects QDSL version 2.2) was used 
because to take the advantage of a shorter simulation time. The reliability of the 
streamline simulator is discussed in Appendix 6. 
6.7 Results 
6.7.1 On recovery at gas breakthrough in a reservoir model with NTG less than 
100% 
Figure 6.4 shows the cumulative oil recovery at breakthrough (CORB) at various 
NTG under various modelling schemes A-C as discussed earlier. 
In scheme A, where shales were explicitly modelled in the reservoir, two results 
stood out. Firstly, it was found that the CORB reduced with decreasing NTG. For 
example, under scheme A (models with shale: reservoir length ratio equal to 0.01 of 
the reservoir length), the CORB decreased from c. 67% at 99% NTG to c. 22% at 60% 
NTG. A similar trend was found for all other models with various shale lengths. 
Secondly, for model with the same NTG, the models with longer shales yielded a 
higher CORB. For example, comparing all the reservoir models with 90% NTG, 
CORB increased from c. 64% to c. 70% when the shale: reservoir length ratio 
increased from 0.01 to 0.8. In Figure 6.4, all the results from scheme A were 
represented by an average value from eight realisations. The standard deviation 
around the average value which represented the range of possible results from eight 
realisations was plotted. 
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Figure 6.4. Cumulative oil recovery at breakthrough (CORB) under 46.7% Dietz's critical rate in various 
sand/shale 2D heterogeneous models with different modelling schemes. Three sets of numerical simulations were 
conducted to represent reservoirs containing shales of different continuity. The CORB values of 100% NTG reservoir 
model with Kv: Kh equal to 1 and 0 were also estimated. 
In scheme B, where shale was implicitly represented by Kv: Kh ratio in the 
reservoir model , it was 
found that the CORB decreased with the decrease of NTG. 
This was similar to the results from scheme A. For example, under scheme B, models 
with shale: reservoir length ratio equal to 0.01, the CORB decreased from c. 67% at 
99% NTG to c. 40% at 60% NTG. In scheme B, it was also found that, by comparing 
two reservoirs with the same NTG, the models representing shorter shale yielded a 
higher CORB. For example, in models with 90% NTG, the CORB reduced from 
c. 66% to c. 35% as shale: reservoir length ratio increased from 0.01 to 0.8. These 
results were the opposite to the results generated by corresponding models in scheme 
. CORB was due to the reduction in Kv: Kh ratio with Increasing A. The decrease in 
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shale length. It was found that under the assumption of 100% connected, the scheme 
B model yielded the minimum CORB. For a gravity stable displacement, a model 
with 0 Kv: Kh ratio was considered to be the lowest limit of the recovery estimation. 
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Figure 6.5. Begg and King (1985) correlation of the Kv: Kh ratio with NTG assuming differ at shale length and 
density. The figure demonstrated two examples with different ratios of the shale length: (1) shale: reservoir length ratio 
equal to 0.1 which was plotted in a log scale (A, top, plotted in log scale); and (2) shale: reservoir length ratio equal 
to 0.01 (B, bottorn). Increasing the number of shales present caused the Kv: Kh to reduce. Moreover, in models 
having the same shale density (NTG) the larger number of shales per unit reservoir thickness and longer shales 
resulted in lower Kv: Kh ratios. 
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Figure 6.5 demonstrates the relationship between Kv: Kh and shale length according 
to Begg and King's (1985) expression. The longer the shale length, the lower the 
Kv: Kh ratio is. For models in scheme B models, it was found that model with 
connectivity above the threshold (c. 60% of NTG) , the results match scheme A when 
the shale: reservoir length ratio was 0.01 or less (Figure 6-4). However, a model with 
longer explicit shales yields a higher CORB. The difference between scheme A and B 
was larger when the shale length was larger. 
By considering shales that were extensive and continuous (scheme Q, it was found 
that CORB increased with the reduction of NTG. Figure 6.4 shows that CORB 
increased from c. 70% at 99% NTG to c. 81% at 65% NTG. Therefore, the higher the 
density of the extensive shales, the higher is the estimated recovery. All the scheme C 
models obtained higher recovery than the isotropic reservoir for NTG less than 100 %. 
A similar result was found when long shales were explicitly modelled (scheme A). 
When the shale: reservoir length ratio was equal to 0.8, in models with 80% NTG, the 
CORB was c. 69% which was 3.0% more than in the isotropic reservoir. The results 
suggested that the highest recovery was not necessarily found in an isotropic reservoir 
model, and it was suggested that laterally extensive shales could have a positive 
influence on recovery. 
6.7.2 Oil recovery at gas breakthrough in 100% NTG reservoir model 
Figure 6.4 shows the estimated value of the cumulative oil recovery at breakthrough 
(CORB) in aIW, c NTG model which had Kv: Kh equal to I and 0 respectively. In an 
isotropic reservoir the estimated CORB is c. 67%. On the other hand, in a 100% NTG 
model with K-v: Kh equal to 
0. the CORB was estimated to be c. 34%. Thus, by 
223 
changing the sand Kv: Kh ratio from I to 0, the CORB decreased by c. 33%. This was 
because the displacement was out of VE as Kv: Kh ratio was 0 (RL equal to 0) so the 
segregated flow model was no longer valid. 
6.8 Discussion 
6.8.1 Impact of shale continuity on recovery 
6.8.1.1 System with discontinuous shales 
Many researchers have demonstrated that discontinuous shales have a negative 
impact on gravity drainage and recovery (Haldorsen and Chang 1986; Richardson et 
al. 1987b; Ciarnmetti et al. 1995; Jackson and Muggeridge 2000). Discontinuous 
shales are commonly found in the Pereriv Suite, and they are considered vertical flow 
barriers because of their impermeable nature over production time-scales. 
The influence of discontinuous shales depends on their length. If shales are short 
(e. g. shale: reservoir length equal to 0.01), their influence is commonly represented 
by a modified Kv: Kh ratio. An increase of the shale density or length causes the 
reduction of Kv: Kh because the vertical flow path becomes more tortuous. Figure 6.5 
shows the relationship between Kv: Kh ratio and shale length and density. It was 
shown that the higher the shale density the lower the Kv: Kh ratio are. Similarly, 
lower Kv: Kh ratios were found with the increase of shale length. 
Reducing the Kv: Kh ratio could cause a reduction in recovery for the mobility 4: ý 
unstable displacement. Figure 
6.6 demonstrates the relationship between the 
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cumulative oil recovery at gas breakthrough (CORB) and the Kv: Kh ratio in a 2D 
ipping model with 100% NTG. The results showed that recovery was more sensitive 
to the changes of Kv: Kh ratio when offtake rates were below Dietz's critical rate. 
This was expected as the displacement was gravity stable and VE was achieved if the 
Kv: Kh was high. However, when the offtake rate was larger than Dietz's critical rate, 
the gravity unstable displacement was less sensitive to the variation in Kv: Kh. Figure 
6.6 demonstrates that if a displacement with 46.7% Dietz's critical rate and zero 
Kv: Kh, the CORB was approximately equal to the case with 187% of Dietz critical 
rate. The results demonstrate that when the displacement is not in VE (no vertical 
cross flow) it yields a similar value of CORB as a gravity unstable case. In the 
extreme case with zero Kv: Kh, the displacement behaviour is equivalent to a ID 
(linear) Buckley-Leverett flow model because the displacement is perfectly out of VE. 
As there is no vertical segregation, the oil recovery only depends on viscosity ratio 
and relative permeability. This makes it possible to estimate the oil recovery 
analytically. 
Figure 6.6 also demonstrates that the vertical cross flow had a larger influence on 
gravity stable displacement than gravity unstable displacement. This is because the 
gravity stable flow condition relies on the degree of VE. If the vertical cross flow was 
inhibited, the gravity stable displacement could not be achieved, even when the 
offtake rate was below the Dietz's critical rate. Hence, the geological anisotropy 
features which influence vertical cross flow yield a larger impact on gravity stable 
displacements. 
In Chapter 5 it was observed that by increasing the offtake rate, the magnitude of 
the responses was reduced, although the rank order of 
the heterogeneities influence 
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remained the same (Figure 5.12). Figure 6.6 also gives the reason for the results in 
Chapter 5. It is understood that the geological features that influenced vertical cross 
flow are the most important factors affecting the oil recovery during gas-oil 
displacement. 
It was observed that when 116.7% Dietz's critical rate was applied, the CORB was 
lower than the case with zero Kv: Kh. This is because when a displacement with 
offtake rate slightly higher than Dietz's critical rate, the gravity stable condition can 
not be achieved. In this case, a gas tongue developed at the top of the reservoir 
section. Thus the injected gas arrived rapidly at the production well, causing early 
breakthrough. In contrast if the displacement was dominated by viscous force (Kv: Kh 
equal to 0), no vertical segregation would occur and hence gas tongue would not be 
formed. Thus CORB in a case when Kv: Kh equal to zero is higher than the gravity 
unstable case. 
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Figure 6.6. CORB as a function of Kv: Kh ratio of the homogeneous models. Realistic fluids description and six 
production rates were used (23.3%, 46.7%, 70.0%, 93.3%, 116.7% and 186.7% of the Dietz's critical rate were 
applied). It was observed that if the offtake rate was higher than Dietz's critical rate (186.7%) the CORB was equal to 
the case when displacement with offtake rate at 46.7% of the Dietz's critical rate in sandbody with Kv: Kh equal to 0. 
The result demonstrated that recovery was the same for any reason that prevents VE e. g. viscous dominated 
displacement or no vertical cross flow. 
It is observed from Figure 6.4 that for the scheme A model with 60% NTG and sand: 
reservoir length ratio equal to 0.01, the resulting CORB below the case where 
sandbody with zero Kv: Kh. This is because the connectivity threshold for a 2D model 
is between c. 50%-60% of its NTG (King 1990 and Hovadik and Larue 2007). 
Therefore, when a gravity stable displacement occurred in reservoir with no 
disconnected sandbodies, the lowest recovery was observed when the displacement 
was out of VE. 
-r7 
Figure 6.4 shows that using Kv: Kh to capture shale influence is only valid when 
shales are short (shale: reservoir length ratio is 0.01). It was observed that the longer 
the shale length the larger the discrepancy between the results for schemes A and B. 
This suggested that using a modified Kv: Kh to represent shale influence could yield 
incorrect results if the shales were long and that the error increases with shale length. 
From Figure 6.4 it was observed that when shale: reservoir length ratio was longer 
than 0.8; recovery was higher than the isotropic case. In the next section, an extreme 
case of models with continuous shales (scheme Q will be discussed. 
6.8.1.2 System with continuous shales 
Continuous shales sub-divide a reservoir into a number of layers that were 
equivalent to a stack of isolated reservoirs. Figure 6.3 correlated the relationship 
between variations in NTG and the thickness of the effective flow path when the 
reservoir was divided evenly by continuous shales with shale thickness 1/100 of the 
reservoir thickness (e. g. Im shale thickness in sand reservoir of 100m thick). 
Recovery in 2D homogeneous models for segregated flow could be estimated by a 
graphical method based on Dietz analysis (Dake 1978) (Figure 6.7). Segregated flow 
assumed that VE was achieved. Figure 6.8 shows an analytical CORB estimation for 
gravity dominated displacement using a segregated flow model of different thickness 
under various rates. Such a phenomenon occurred purely because of the geometrical 
effect (Figure 5.11 and Figure 6.9). Therefore, for a given NTG, the presence of 
continuous shales improved recovery. 
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Figure 6.7. Example of analytical estimation of segregated displacement of oil by water (Dake 1978). It 
assumes that movable oil in the water-invaded zone was displaced. Simple trigonometry shows that recovery can be 
estimated by: oil recovery equal to 
(h - y, ) y, is the water level height at different stages of displacement 
2hL tan, 8 
after breakthrough which corresponds to the fraction of water production. Therefore at breakthrough Ye is equal to 0. 
The equation was quoted from Dake 1978. 
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Figure 6.8. Analytical estimation of CORB under segregated flow model with different effective flow path 
thickness under various production rates. The figure demonstrate that for gravity dominated displacements, the 
recovery increases with a reduction of the reservoir thickness. 
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Figure 6.9. (A-C) Impact on the displacement front when a reservoir was sub-divided into eight thin layers. 
When reservoir had no extensive impermeable shale the global Kv: Kh of the reservoir is equal to 1 (A, left). Gas 
injected at point B could freely travel to point A or C, Whereas, in a case when laterally extensive impermeable shales 
were present (B, middle) gas injected at point X cannot travel to point W or Y, thus the global reservoir Kv: Kh was 
zero. However, the displacement in the reservoir was closer to a 'piston' like mobility stable displacement (C, right) 
instead of a Buckley-Leverett flow displacement which was out of vertical equilibrium, when Kv: Kh was considered to 
be zero or Buckley-Leverett flow. 
Figure 6.9 shows the geometrical effect on the displacement shape of reservoir 
subdivision by continuous shales. When a reservoir was sub-divided into a large 
number of layers, the gravity stable displacement became similar to a 'piston-like' 
mobility stable displacement (M=I) (Figure 6.9B and Figure 6.9C), and therefore the 
recovery at breakthrough could be close to the maximum movable oil fraction, which 
was the upper limit of the CORB. Figure 6.10 shows the analytical estimation of 
recovery from the scheme C models. Under the segregated flow assumption, all 
mobile oil was assumed to be swept in the gas invaded zone. Figure 6.10 shows that 
at 60% NTG, the CORB was estimated to be c. 88.6%, which was close to the 
maximum movable oil fraction (88.8%) according to the relative permeability curves 
(Figure 3.2). Therefore, the upper boundary of recovery was estimated when a 
reservoir was characterised as being, sub-divided into thin layers with thickness 4: ý II 
equivalent to tile vertical distance between continuous shales. 
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From Figure 6.4 it is observed that the longer the shale length, the less likely the 
reservoir is to perform like the reservoir models which used a Kv: Kh ratio to estimate 
the sand/shale. When the shale: reservoir length ratio is c. 0.01 or less, the correlated 
Kv: Kh ratio is more likely to capture the shale's influence on reservoir performance. 
On the other hand, when the shale: reservoir length ratio equal to 0.8 with NTG above 
80%, reservoir would behave similar to a case when it is divided into thinner layers 
by extensive shales. For cases in which the shale: reservoir length ratio is between 
0.01 and 0.8, the reservoir shows mixed behaviour between the upper and lower 
boundaries. To predict recovery for such systems, reservoir models that explicitly 
capture shales must be constructed. 
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Figure 6.10. Estimation of cumulative oil recovery at breakthrough under 46.7% Dietz's critical rate in models 
with extensive shales and varying NTG. 
Figure 61 () demonstrates the analytical estimation of breakthrough time oil recovery 
for thý-- ctid-members under a mobility unstable displacernent with offtake rate 
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below Dietz's critical rate. In order to indicate which end-member the recovery is 
closer to, one should firstly consider the vertical cross flow. If cross flow is limited 
(i. e. in an environment with high density of short and discontinuous shales) or the 
displacement is dominated by viscous force, the displacement should be described by 
the Buckley-Leverett flow model. If cross flow is significant, one should consider the 
displacement gravitational impact. For gravity stable displacement the variation of 
reservoir geometry (Nq) has a large influence on recovery. If a reservoir contains 
continuous shales that are longer than the injector-producer inter-well spacing, the 
shale will effectively divide a reservoir into thinner layers. In the most extreme case, 
all movable oil can be recovered at breakthrough (Figure 6.10). On the other hand, if 
the displacement is gravity unstable, the influence of geometry becomes insignificant 
(Shook et al. 1992). 
6.8.2. The problem of defining Kv: Kh ratio 
When there was no impermeable shale in a reservoir (Figure 6.9A), gas injected at 
point B can freely move up to point A or C (the global effective Kv: Kh was one). 
Whereas when one or more extensive continuous impermeable shales were present in 
a reservoir as demonstrated in Figure 6.9B, gas injected at point X can never travel to 
point W or Y so for this case the Kv: Kh ratio of the reservoir is zero in this case. 
The results demonstrated that by using the global Kv: Kh ratio for the whole 
reservoir (Figure 6.9 B, C) the recovery estimation could be misleading. For a case 
shown in Figure 6.913 the global 
Kv: Kh was zero, but vertical cross flow occurred in 
the sandbody bet), veen the shale, therefore the 
Kv: Kh between shales was one. Thus, 
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in the case where the reservoir was divided into a number of thinner layers by 
extensive shales, the displacement profile became similar to a mobility stable 
6piston-like' displacement. 
6.8.3. Limitations of the study 
6.8-3.1 Impact of small scale geological features 
The method developed by this study was demonstrated in a 2D dipping reservoir 
model. The investigation was conducted under simplified reservoir conditions. For 
example, it was assumed that sandbodies between shales were homogeneous which 
means the model omitted genetic-unit- scale and bed-form scale (c. 1-0.1m Weber 
1986) features. Previous research (e. g. Hartkamp-Bakker 1993; Ciarnmetti et al. 1995) 
demonstrated features like cross-bedding or lamination can influence displacement as 
these factors control small-scale sweep efficiency and capillary pressure. 
6.8-3.2 On 2D net-to-gross 
The recovery boundary estimation presented in this chapter is only valid in a high 
NTG system that lies above the connectivity threshold (60% NTG for a 2D system) 
predicted by percolation theory (King 1990; Hovadik and Larue 2007). Below 60% 
NTG, sandbodies were likely to be disconnected, and variations in sandbody 
connectivity would influence recovery. For example, in the case with short shales 
were explicitly modelled at 60% NTG it was found that the CORB obtained was 
below that of the Buckley-Leverett flow estimation (Figure 6.4). This effect arises 
because part of the sand was disconnected, resulting in lower recovery (Figure 6.4). 
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Moreover, the method was limited by considering all the layers that are sub-div1ded 
by continuous shales to have NTG above the connectivity threshold. In Chapter 4, it 
was demonstrated that if laterally extensive shales isolate a reservoir into high and 
low NTG layers, the absence of interlayer connectivity reduces the recovery of the 
whole reservoir. If there was free communication between the high and low NTG 
layers, the low NTG layers that were not directly connected to a well could still be 
swept via an adjacent high NTG layer. It was expected that in a 3D system the 
methodology would be valid for a wider range of NTG, considering the connectivity 
threshold of a 3D system is lower c. 30% -35% NTG (King 1990; Hovadik and Larue 
2007). 
6.8.3.3 Reliability of the streamline simulator 
A streamline simulator was used to conduct the investigation because it has the 
advantage of a short simulation time. However, streamline simulation has limitations, 
as it did not recognise mass balance and therefore errors accumulate as simulation 
time increases (Batycky 1997). All the results presented here were evaluated at gas 
breakthrough in order to minimise this effect. Figure 6.11 shows that streamline 
simulation consistently under-estimates recovery compared with the analytical 
solution. It was hypothesised that this was because the streamline simulator did not 
honour the gravity force component acting against the bulk flow direction. Figure 
6.11 showed that when gravity was neglected in simulations in a model with Kv: Kh 
equal to one, the result was similar to the Buckley-Leverett flow model estimate when 
gravity was not applied. On the other hand, when gravity was taken into account, the 
Buckley-Leverett flow model predicted a higher recovery at breakthrough compared 
to a simulation reSUlt 
from a model with zero Kv: Kh. Nevertheless, the purpose of 
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this investigation was to investigate the relative influence of shale length and Kv: Kh 
on displacement. Hence the use of streamlines was justified. All the simulations were 
carried out under the same simulation conditions so they were internally consistent. 
Finally, the boundary of the recovery estimation with shales of varying continuity 
was estimated by an analytical method and similar results were obtained. Therefore it 
was consi ere the upper and lower boundary estimated was reliable. 
0 
U 
m ll, 
100% - 
90% 
80% 
70% - 
60% 
50% 
40% 
30% 
20% 
lo% 
0% 
Percentage of NTG 
Numerical simulation from 
homogeneous model with KV: KH =1 
Numerical simulation from 
homogeneous model with KV: KH=O 
Scheme C rnodelý long and continuous 
shales system 
- -Numerical simulation from 
homogeneoud model with KV: KH=l 
(Not including gravity) 
Buckley- Leverett flow model estimation 
(including gravity) 
Buckley-Leverett flow model estimation 
(Not including gravity) 
Analytical estimation of segregated flow 
model at various NTG. Assuming shales 
are long and continuous (scheme C 
system) 10 -Analytical segregated flow model in 
100%NTG model 
Figure 6.11. Estimation of cumulative oil recovery at breakthrough under 46.7% Dietz's critical rate in various 
analytical models. Analytical estimation of the gravity force dominated displacement recovery. 
6.8.3.4 On grid refinement 
It has been shown that a grid cell thickness of 1/200 of each model thickness was 
I L- In 
displacement 
sufficient to ý'LlPtUre any potential gas tongues that might occur in the i 
(Appe, ý-. ', ). However, when shales are explicitly modelled, in -, Ollie casc" there 
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were only a few grid cells between shales, and therefore the grid resolution could be 
too low to capture the displacement accurately in those regions. To solve this problem 
would require tailor-made grid refinement i. e. explicitly increase the number of cells 
in regions between shales, or generate pseudo relative permeability curves to 
represent the shale effect. This problem could limit the reliability of the results for 
models containing long discontinuous shales. Nevertheless, under the assumption of 
no gravity drainage around shales, the boundaries of the recovery estimate and the 
corresponding conclusions were still valid because they were supported by analytical 
study. 
6.8.3.5 On single-phase Kv: Kh correlation and gravity drainage after gas 
invasion 
In this study, Begg and King's (1985) expression was used to correlate shale 
properties to Kv: Kh ratio. Our results showed that the correlation schemes closely 
matches the results of models that explicitly contain shales (scheme B) when shale 
lengths were short. However, such a correlation only considered single phase flow. 
Moreover, Richardson (1987) pointed out that the effect of discontinuous shales on 
reducing gravity drainage of oil from a region invaded by gas/water could be less 
important than predicted by single phase flow simulations. Such single phase Kv: Kh 
correlation could be inaccurate in the context of a two phase displacement and hence 
lead to inaccurate estimation of the oil recovery. 
This study recognised that the increase of shale density and reduction of shale 
length 
would lower the 
Kv: Kh ratio, thus reducing the VE. Ypma (1983) also worked on a 
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gas-oil displacement mechanism in a 2D dipping reservoir. This author considered 
that recovery increased with the presence of shale because, during gas displacement, 
not all the oil was swept. The remaining oil in the gas-invaded zone then drained 
down and accumulated at the base of the reservoir or on the top surface of shales. 
Therefore, the saturation of oil was increased and oil tongues formed. The relative 
permeability of oil increased with the saturation of oil (i. e. the oil became more 
mobile). A pseudo relative permeability curve was generated to represent the 
presence of shales in the reservoir. Ypma (1983) concluded that if there are more 
shales in a reservoir, the recovery would be increased as the effective relative 
permeability of oil would be higher. However, the implications of this theory are not 
clear. For example, Ypma's (1983) paper did not explain how the proposed pseudo 
relative permeability curves correlated with variations in shale density (NTG) or shale 
length. Thus the theory did not explicitly explain cases where sandbodies were 
disconnected (high shale density) or shales were extensive enough to sub-divide a 
reservoir. These limitations of Ypma's (1983) theory prevented further assessment of 
its reliability. 
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6.9 Conclusion 
This part of the project has estimated the upper and lower boundary of cumulative 
oil recovery at breakthrough in a 2D dipping heterogeneous reservoir under gravity 
dominated displacement. 
The following is a summary of the findings in this section: 
o If VE is achieved and shale lengths are sufficiently short (shale: reservoir 
length ratio equal to 0.01), the shale properties can be represented by a 
modified Kv: Kh ratio. However, if the reservoir has discontinuous shales: 
reservoir length ratio between 0.01 and 0.8, the recovery should be estimated 
by a model with shales explicitly represented. 
0 If VE is achieved and shales are continuous or shale lengths are sufficiently 
long (shale: reservoir length ratio grater than or equal to 0.8), the recovery 
can be estimated analytically by using a model with thickness equal to the 
distance between shales under the assumption that the intervening sands are 
homogeneous. 
o For mobility unstable displacement, the maximum recovery can be found 
when the displacement is gravity stable, with extensive shales sub-dividing 
the reservoir into thin layers. The associated geometrical effect causes higher 
recovery than from an isotropic reservoir. 
* For mobility unstable displacement, the minimum recovery is found when 
the displacement is gravity unstable. In this case the injected fluid can be 
Q -ity relative to oil). ,, cgregated upward/downward 
(depending on its dens 
I-Jowever, as the displacement is also influenced by viscous force the injected 
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fluid cannot be stabilised and so a tongue is formed which causes early 
breakthrough (gravity unstable displacement). 
0 If the offtake rate of a displacement is higher than the Dietz's critical rate, 
maximum oil recovery can be found if the displacement is viscous force 
dominated (Buckley-Leverett flow model). 
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Chapter 7 
Conclusion and recommendation 
7.1 Overview 
This research has covered the following four aspects: 
1. A preliminary displacement study on water-oil and gas-oil displacement in 
the south flank and the north flank of the Azeri Field. The study estimated 
the recovery profile and the displacement stability of the different 
displacement mechanisms, based on the assumption of homogeneous rock 
properties. 
2. An investigation of the impact of the reservoir-unit scale heterogeneities in 
fluvial deltaic environments on reservoir performance from gas and water 
flooding under a simplified fluid PVT description. 
3. An investigation of the impact of the combination of genetic-unit and 
reservoir-unit scale heterogeneities that were found in fluvial deltaic 
environments on high NTG reservoir performance from gas flooding under 
both simplified and realistic fluid PVT descriptions. 
4. An analytical estimate of the upper and lower boundary of cumulative oil 
recovery at breakthrough in a 2D heterogeneous reservoir under gravity 
stabilised mobility unstable displacement. The approach was to represent the 
effect of heterogeneities in terms of shales with different distribution and 
lengths. 
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7.2 Conclusions 
7.2.1 Preliminary displacement study 
Using a 'top-down' approach, the research started with an analysis of reservoir 
performance from the most simple reservoir model. The preliminary displacement 
stability analysis demonstrated the water flooding is mobility stable and under the 
current production rate, and the gas flooding was gravity stable. However, such 
analysis was based on the assumption of a homogeneous reservoir. The Dietz's 
stability analysis suggested that the current production rate was very close to the 
critical rate of unstable displacement. Therefore, the influence of geological 
heterogeneities may lead the displacement to become unstable. Preliminary analysis 
indicated that the more unstable the gas oil displacement, the lower the cumulative oil 
recovery is at breakthrough time. Thus, unstable displacement has a negative impact 
on recovery. Hence, a screening study on the influence of the reservoir-unit scale 
heterogeneity factors on reservoir performance was conducted and discussed in 
Chapter 4. 
7.2.2 Screening study of reservoir-unit scale heterogeneities 
At reservoir-unit scale, the investigation firstly demonstrated that the local 
variation in NTG within low NTG layers and the connectivity between low NTG 
layers and adjacent high NTG layers are the principal controls on oil recovery under 
both gas and water injection schemes. When net sand is present in low NTG layers, 
the overall recovery increased 
because it locally increased the STOIIP. However the 
overall sweep efficiency in 
low NTG layers was poor because of the low sandbody 
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connectivity in these layers. In regions that had net sand in the low NTG layer, sand 
presence was a positive influence on recovery if there was free communication 
between adjacent high and low NTG layers. This was because, if there was 
communication between the high and low NTG layers, some of the oil in the low 
NTG layer which were not connected directly to production wells could be swept 
from adjacent high NTG layers. Therefore the overall recovery improved. Thus total 
production of injected water and gas was then reduced. 
In low NTG layers, recovery was mainly controlled by sandbody connectivity and 
sweep efficiency. Therefore, the variation of channel sinuosity and channel stacking 
were the two most important heterogeneities that influence recovery in the low NTG 
layer. Higher sinuosities result in higher connectivity between channel sandbodies 
and production wells. Additionally, sweep efficiency increased when channel 
sandbodies were stacked together to form multi-storey channel belts. In high NTG 
layers, geological heterogeneities only had a small impact on recovery when 
genetic-unit scale features are not considered. 
7.2.3 Screening study of combined genetic-unit and reservoir-unit scale 
heterogeneities 
A screening study of the influence of the combined genetic-unit and reservoir-unit 
scale heterogeneities on gas-oil displacement was conducted in a specific region of 
the reservoir with high NTG. The results showed that, a high NTG layer, the 
heterogeneities that control the vertical equilibrium of the displacement had the 
largest influence on mobility unstable gas-oil displacement. Factors that reduced the 
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vertical equilibrium of the displacement had a negative impact on oil recovery. 
Therefore, factors such as the reduction of Kv: Kh ratio In channel-fill sandbodies or 
the presence of mud-clast lags at channel bases caused the reduction in oil recovery 
and a corresponding increased in gas production. 
In the investigation both simplified and realistic fluid PVT descriptions were 
applied. It was found that a more realistic PVT description had a minor influence on 
the impact of the heterogeneities on reservoir performance. Using different fluid PVT 
descriptions the presence of extensive shales made a minor improvement on oil 
recovery. This was because if reservoir pressure dropped below bubble point, gas 
evolved from solution and the presence of the laterally extensive shale reduced the 
distance needed for gas to segregate. Hence the time for gas to be stabilized by the 
gravity was reduced. 
In Chapter 5, a well control scheme was also applied to the screening study. When 
this was applied the reservoir behaviour was sensitive to different heterogeneities 
compared with the case with no well control. The results suggested that 
'non-reservoir' factors such as well control schemes should also be taken into account 
for modelling purposes because human activity (well shut-in for pressure test) or 
equipment constraints (well shut-in because of GOR constraints) can interfere with 
how the reservoir responds to geological heterogeneities. This suggested that if 
4 non-reservoir' factors were introduced, various reservoir models should be built at 
various stages of production. This was because the reservoir conditions would be 
different after production wells re-open. This demonstrates that reservoir performance 
was sensitP,, e to different heterogeneities after the 'non-reservoir' factors were 
introduced. 
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It was found that the rank order of the geological heterogeneities on gas flooding 
did not change between gravity stable and gravity unstable displacement. However 
with gravity unstable displacement, the reservoir performance was less sensitive to 
the influence of the geological heterogeneities. Gravity stable conditions rely on 
vertical equilibrium conditions. A displacement could not be stabilized by gravity if 
vertical equilibrium was not achieved. Hence, a gravity stable displacement was 
sensitive to factors that influence the vertical segregation, whereas such factors have 
less influence on a gravity unstable displacement. Therefore, the impact of 
heterogeneity on recovery reduced when the offtake rate increased. 
7.2.4 Methodology for the rapid estimation of oil recovery 
In the last part of the research a rapid methodology was developed to estimate the 
upper and lower boundary of oil recovery in a 2D heterogeneous reservoir under a 
gravity force dominated displacement. Heterogeneities that control the vertical 
equilibrium of the displacement had the largest influence on oil recovery in a 
reservoir with high NTG. By modelling geological character in terms of sand and 
shale, reservoir heterogeneities were represented as different continuities and lengths 
of shales. 
In the case of a gravity force dominated displacement, the lowest oil recovery was 
found when the Kv: Kh ratio of the sandbodies is zero because vertical equilibrium 
cannot be achieved. This is the situation when shales were found to 
be short and 
discontinuous. On the other hand, the highest recovery was found when shales were 
continuous or extensive 
because continuous shales divided the reservoir into many 
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layers. This resulted in the reduction of effective fluid flow paths. Therefore, oil 
recovery increased because of the associated geometrical effect. 
Both the upper and lower boundaries of oil recovery could be estimated by the 
analytical method. The lowest value of oil recovery occurs when vertical equilibrium 
could not be achieved, and it could be estimated by the classic Buckley- 
Leverett flow model. The highest value of oil recovery occurs when shales were 
considered to be continuous. By assuming sandbodies between shales were 
homogeneous and all the oil was swept in the gas/water invaded zone, the recovery 
could be estimated by geometrical estimation in all the layers bounded by continuous 
shales. In the most extreme case, if the reservoir was divided into a large number of 
layers, a 'piston-like' segregated displacement occurs (end-point mobility ratio equal 
to 1), which meant all the movable oil could be recovered at breakthrough. 
7.3 Recommendations 
The following are recommended for future investigation: 
1. Extend the study on the influence of reservoir-unit scale heterogeneities on 
flow with a range of offtake rates in order to study the rank order and the 
magnitude of impact of the heterogeneities on reservoir performance under 
various states of stability. 
2. It was found that reservoir-unit scale heterogeneity factors such as channel 
sinuosity and channel distribution have a significant influence on both 
water-oil and gas-oil displacement in low NTG environments (Chapter 4). It 
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would be beneficial if the investigation of the influence of the combined 
genetic-unit and reservoir-unit scale heterogeneity on both water-oil and 
gas-oil displacements in low NTG environments were to be extended. 
3. In Chapter 5 it was found that the heterogeneity factors which have influence 
on the degree of vertical cross flow have the largest influence on mobility 
unstable (gas-oil) displacement. In order to test if the same heterogeneity 
factors have the same influence on mobility stable displacement it would be 
valuable to extend the investigation of the influence of the combined 
genetic-unit and reservoir-unit scale heterogeneity in high NTG 
environments on water-oil displacement. 
4. Concerning the sand/shale reservoir model (Chapter 6): Further 
investigations of the recovery estimation methodology for gravity dominated 
displacement in reservoirs with shales character between the two extreme 
end-members would also be valuable. 
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Appendix 1 
Supplementary notes for 
preliminary displacement study 
In order to simplify the preliminary displacement study in Chapter 3, a single value 
of sandbody porosity and permeability was applied for the preliminary displacement 
analysis in the Pereriv Suite. 
The following expressions demonstrated that a Buckley-Leverett flow analysis from 
any layer within the Pereriv Suite can be applied to all the ensembles within the 
Pereriv Suite. All the parameters are summarized in Table Al. 
Nomenclature 
L: le F- forceý t tirneý mý massý 1=1 means'has units of 
L Reservoir length [-] L 
H Reservoir thickness L 
A Cross-sectional area L2 
Iff Reservoir width [a] L 
B, The time of breakthrough [-] t 
NTG Net to Gross [-] fraction 
0 Sandbody porosity [w) fraction 
0 Reservoir dipping angle [-] radians or degrees 
9 Gravitational acceleration [-] Ue 
k Saindbody permeability [-] L2 
Pi Density of phase j I-] mIL 3 
Aj Viscosity of phase j [a] (F-tFL 2) 
krIj End-point relative permeability of phase j fraction 
q Production rate for each Pereriv layer L 31t 
S Saturation [-] fraction 
Total production rate (-] L 3tt 
Subscripts 
i Denotes for parameter assigned between Pereriv A to E 
mean Mean value 
0 Oil phase 
f Displacing fluid phase (Le gas or water) 
or Residual oil 
Wc Connate water 
Table. Al The summary of parameters that are used in the equations that are listed above. 
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Given that the proposed total production rate Q is 9%STOHP of the whole Pereriv 
Suite. 
9%XHXWXLXNTG 
mean 
X OX (1 - 
Sor 
- 
SWC) 
year 
C=9%XWXLXOX (I -Sor -S WC 
Set constant C: 
Yyear 
E 
>ý' (NTGj x Hj) 
Therefore Q- i=A xHxC 
E 
Thus: QI (NTGj x Hj) xC equation Al. I 
i=A 
The production rate for each layer (qj) is a fraction of Q which is proportional to kjHj 
of each layer (i) within the Pereriv Suite. 
k, Hl. 
(ki x Hi) 
i=A 
Given that permeability in each ensemble is: 
ki =kx NTGj 
Therefore the production rate for each layer can be written as: 
qi 
kNTGiH 
i E 
Y (ki x Hi) 
i=A 
equation A 1.2 
equation A 1.3 
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The fractional flow equation of gas-oil displacement from up dip to down dip 
position: 
f= 
1- 
quo 
(p,, - p, )g sin 0 
+ 
ug kro 
krg po 
The fractional flow equation of water-oil displacement from down dip to up dip 
position: 
fi = 
+ 
kkroA 
(, 0', - p,, )g sin 0 
q, uo 
+ 
ug kro 
krg, uo 
By setting Ap = (po - Pf ) 
The fractional flow of injected fluid from up dip to down dip position at layer i: fi 
I_kik WH ,oX (Apg sin 0) q 
Uf kro 
krf go 
By substituting equation A 1.3 in equation A 1.4 
kk WH ro 
kjHj )(Apg sin 
0) 
(ki x Hj) 
fi i=A 
1Jf kro 
(I 
krf po 
Therefore fi = 
kroW 
L(k xH 
i=A 
)(Apg sin 0) 
)Q 
(1 
Pf kro 
) 
k 
rf li () 
equation A 1.4 
equation A 1.5 
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All the parameters in equation Al. 5 are universal for the whole Perefiv Suite. 
Therefore the same fraction flow curve can be used to conduct Buckley-Leverett flow 
analysis for the entire Pereriv Suite. 
On the estimation of the time of breakthrough for a particular layer i (Bti) 
Bt, = Wid ( 
PoreVolumej) 
qi 
Bti ':::::: Wid (Wx 
Lx Ox Hi x NTGi) 
t 
kNTGiHi 
ýn E 
Y (ki x Hi) 
i=A 
)%Z 
By substituting equation Al. 3 into equation Al. 6 
Bt, =: Wid 
WXLXO_) 
Ek )Q 
>, ' (ki x Hi) 
i=A 
equation A 1.6 
equation A 1.7 
Since all the terms are constant equation A 1.7 shows that when the production rate 
is proportional to the kH of each layer, the time of breakthrough for all the Pereriv 
Suite would be the same. 
Finally, the dimensionless gravitational number G is also universal for all the layers. 
kik'rf AjAP9 sin 0 
Gi = 
qj, u f equation A 1.8 
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By substituting equation A 1.3 into equation A 1.8 
Gi = 
G= 
kiHiWk', 
f Apg sin 0 
E 
kiHi 
-)Qpf 
(ki x Hi) 
i=A 
Wk', j. Apg sin 0 
EI )Qpf 
>, ' (ki x Hi) 
i=A 
equation A 1.9 
All the parameters in equation Al. 9 are universal for all the Pereriv Suite layer. 
Therefore a single value of dimensionless number G can be applied to the whole 
Pereriv Suite. 
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Appendix 2 
Test of the reliability of the grid 
cell resolution 
Grid resolution is important for displacement simulation as it determines the 
reliability of the result. In the case when gravity force dominates displacement, grid 
resolution is especially important for simulation to capture gravity segregation (Ypma, 
1983; Baker and Moore, 1996) that leads to inaccurate result. However, because of 
the computational power, it is only feasible to simulate a limit number of grid cells. 
Therefore, the balance between the reliable grid cell's resolution and the feasible 
number of grid cells is important. 
Although grid cell's resolution might be enough to capture displacement in a 
homogeneous model, it is recognised that when heterogeneities are present in the 
same model, the flow path between the impermeable layers is much thinner than for 
the homogeneous model. Therefore, the reliability of the grid resolution should be 
determined from a heterogeneous model. A grid resolution analysis was conducted in 
one of the low NTG (Pereriv Q models which contain reservoir unit scale 
heterogeneity factors (e. g channels with 200m width and 6m thick). Both cumulative 
oil recovery and a cumulative gas production profile were obtained under a range of 
grid cell's thickness (Figure A2. IA and A2. I B). 
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Figure A2.1 (A-B). Shows the comparison of the oil recovery profile (A, top) with the gas production profile 
(13, bottom) in north flank Pereriv C models with varied grid cell thickness. The results show that the result converged 
when the grid cell is 0.5m. 
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The results show that the estimated values converge when the grid cell is 0.5m. 
When Im thick grid cells were applied to the simulation models, the results of the 
cumulative oil recovery and the gas production has a few percentage differences from 
the converged results. Ideally, 0.1m thick grid cells should be applied to the 
simulation models. However, with the current grid cell thickness (1m) the north flank 
models at the I st screening study contain approximately one million grid cells which 
is the limit of the streamline simulation. Therefore it is not feasible to reduce the grid 
size. 
The main objective of this research is to identify the most significant factor that 
affects objective measurement. A grid refinement test was therefore conducted to test 
if the current grid cell thickness is a valid way to identify the most significant 
heterogeneity factor on flow. A screening study in Pereriv C (low NTG layer) was 
conducted by gas-oil displacement is repeated with grid cell thickness equal to 0.5m. 
The study is similar with the study reported in section 4.6.3. Figure A2.2 shows that 
when the grid is refined the same ranking order of key heterogeneities is recovered. 
The results suggest that in the gravity stable gas displacement the simulations under 
the current grid cell's thickness are robust. 
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Oil recovered after 20 years of production, 
Pereriv C, North Flank: 
Gas injection with grid refinement 
Channel 
Orientation 
Channel 
Dimensions 
! estimated stochastic 
uncertainty (cumulative 
oi I recovery after 20 
; years, gas injection 
with original grid) 
estimated stochastic uncertainty 
(cumulative oil recovery after 20 
years, gas injection with fine grid) 
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Channel 
Stacking 
Channel 
Sinuosity 
Figure A2.2. Shows the impact of different heterogeneities on flow in Pereriv C in the north flank. Absolute 
percentage change in total oil recovery after 20 years is plotted, in order to compare the current grid cell thickness (1 m) 
and the grid refinement studies (grid cell thickness equal to 0.5m). Refining the grid does not change the relative 
impact of the different heterogeneities, suggesting the grid's resolution applied in this research are robust. 
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Appendix 3 
Test of the reliability of the 
number of realizations 
In Chapter 4 and 5, all the screening studies were conducted with three realizations 
of the reservoir models. A study of the reliability of the number of stochastic 
realizations was conducted, in order to test if the number of realizations were 
sufficient to capture reliable responses for the influence of the heterogeneities factors. 
Up to 15 stochastic realizations were applied in order to test whether the screening 
process can identify the factors which have the most significant impact on the 
objective measurement. 
The test was conducted a screening study by using a single-phase TRACER 
simulation in high NTG layer (Pereriv B) to identify the most significant reservoir 
unit scale heterogeneity factor on the total oil recovery. Figure A3 shows the absolute 
response of the factors to the total oil recovery. The results suggest the magnitude of 
the response converge when there are more than 13 realizations of the reservoir 
models were generated. However, because of the time frame of this research project it 
is not feasible to apply such a high number of realizations to the screening studies. 
The result shows that the magnitude of the responses is different when the various 
numbers of realizations were used. However, the screening process can always 
identify the niost significant factor for objective measurement when there are more 
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than three realizations. Therefore the results support that three realizations were 
reliable for the screening study. 
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Figure A3. Shows the absolute percentage change of reservoir unit scale heterogeneity factors and stochastic 
noise in total oil recovery at north flank Pereriv B (high NTG layer). Single phase TRACER simulation was applied to 
conduct the test. Up to 15 realizations were applied to conduct the test; it is observed that the variation of the 
magnitude of the responses converge when 13 realizations were applied. However the screening process can always 
identify the most significant factors to the objective measure when more than 3 realizations were applied. 
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Appendix 4 
Test of the variation of reservoir 
model size 
To simulate displacement with realistic PVT fluids description a conventional 
simulator is required however it is not feasible to simulate with high number of grid 
cells as described in section 5.5. Therefore simulations with realistic fluid PVT 
description will be conducted within subset models. However in order to demonstrate 
results from the subset model that are comparable with the results of the symmetric 
element model a screening study, both were simulated by the simplified fluid PVT 
description by streamline simulator. The details of the dimension of the subset model 
were discussed in section 5.5. Comparison of the results on the models with two types 
of model enables assessment of the impact of size and geometry. 
Since the model size is reduced, the displacement time for the sector has been 
recalculated to mimic the appropriate Dietz's flow rate in the original models. The 
calculation is described below: 
Key: 
V: volume of the reservoir model with the original geometry. 
A: area of the reservoir model with the original geometry. 
L length of the reservoir model with original geometry. 
Q volumetric flow rate applied to the reservoir model with the original geometry. 
t ý: displacen, clit time in reservoir model with the original geometry. 
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* denotes the parameter assigned for the sector models (e. g. t* : displacement time 
in sector models). 
Volume of oil in place 
Principle is: Volume of gas injected 
AL Volume of oil in place 
Qt Volume of gas injected 
at both models should be the same. 
t: time used for displacement; in the original model t= 20 years 
AL A*L* 
Qt Q*t* 
A L 
= A =L* 4 2 
to keep Dietz's critical rate constant 
Because A/Q=A*/Q* 
L/t=L*/t* ; given L=2L* and Q*=Q/4 
t*=t/2 and if t is equal to 20 years 
Therefore t* =I 0 year 
This shows that by using displacement time =10 year in the sector models it can 
mimic 20 years of gas injection at the original reservoir model setting. By careful 
setting of the ratio of injected fluid entry and exit from the two ends of the model, the 
simulated displacement of the subset model mimic that a local region in the reservoir 
(Figure 5. A). The comparison of the results for the two models sizes with simplified 
fluid PVT description, confirmed this. 
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A4.1 Results of the gas-oil displacement simulation in a high NTG layer with 
simplified fluids description; subset model 
Figure A4. AI shows the average percentage change in cumulative oil recovery and 
total gas production at the end of production period in symmetric model (Figure 
A4. Al) and subset model (Figure A4. A2). The mud-clast lags and Kv: Kh ratio are the 
two most significant factors. It is found that by increasing Kv: Kh ratio from 0.1 to 1, 
the total recovery factor increases by c. 14.9 % in a symmetric element model and c. 
14.3% in a subset model. The total gas production decreases by c. 9.9% in a 
symmetric element model and c. 7.9% in a subset model. 
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Figure A4ý ýý (A-B). Average percentage change in recovery factor from reservoir models with different 
' , Jýen each factor in the sensitivity analysis is varied from setting 1 to setting 2 (Table 5.1). Result volume, obserýý-,, -' 
for sy, element model 
is showed in (A, top) and subset reservoir models in (113, bottom). If the bar lies to the 
j-je change is positive. 
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A4.2 Discussion on the impact of variation in reservoir model size 
By comparing the results of Figure A4. AI and Figure A4. A2) it is found that the 
change of reservoir model size and well setting has an insignificant impact on the 
heterogeneity rank order. Figure A4. B compares the influence of the different 
geological heterogeneities on the oil recovery factor, for different reservoir model 
sizes. The results show a similar order between the two model sizes, which suggests 
that the smaller model maintains the rank order of heterogeneity. Therefore in the 
latter sections when a sector model is applied, the results are considered to be 
representative for an entire producer- injector symmetry element. 
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Figure A4.2. Absolute percentage changes in oil recovery factor at the end of production are plotted as 
distance from the centre of the chart for each heterogeneity, to enable comparison between the two different reservoir 
model sizes. The reduced model size 
does not change the relative impact of the different heterogeneities, suggesting 
that the subset oir models represent the symmetric element model setting. 
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Appendix 5 
Test of the different gas-oil 
displacement relative 
permeability data 
The original relative permeability curves that were used in Chapter 4 were obtained 
during the early stages of the Azeri Field development; refer to the general Azeri 
reservoir. A reviewed set of relative permeability data were obtained to describe the 
gas flooding scheme in the central section of the Azeri reservoir where gas injection 
is applied. The original relative permeability curve was designed for use in large scale 
full field models which describe the general displacement mechanism of the whole 
Azeri field. The reviewed set of relative permeability curves are representive gas/oil 
rock curves appropriate to central north flank of the Azeri Field. (A series of 
laboratory experiments on serval rock samples gave very similar curves). These 
curves are appropriate for the fine scale model used in this study. The different set of 
relative permeability curves are shown in Figure A5.1. 
74 
100 
09 
09 
08 0 08 
07 07 
06 06 
0 05 -\ %ý, 0-0 0) 
04 4.. 
--0 4 
03 03 
02 02 
01 01 
00 Qa0,0 --0. b mi 0 0ý 00 00 01 0.2 03 04 05 06 07 08 09 1 cl 
Gas saturation 
(Drigirial Kro Peviewed Kro --a- Orqnal ýýrg PeAewed Krg 
Figure A5.1. Representation of the original and reviewed Oil-Gas relative permeability measured in Azeri 
reservoir. 
This reviewed data set is being used for the central Azeri Field displacement 
simulation. Having different relative permeability data to represent different locations 
within a reservoir is a common problem for a reservoir engineer, and relative 
permeability is a potentially control on reservoir performance. In order to study the 
impact of different relative permeability data on simulated flow behaviour, the two 
different sets of relative permeability are simulated in the sector models under 
simplified fluids description. 
275 
A5.1 Results of gas-oil displacement simulation in a high NTG layer sector 
model with simplified fluid description and re-viewed relative permeability data 
Figure A5.2 demonstrates the impact of heterogeneity on oil recovery factor and 
total gas production with the original relative permeability curves (Figure A5.2A) and 
reviewed relative permeability curves (Figure A5.2B). The results show that by 
modelling the Kv: Kh ratio of sandstones as I instead of 0.1, with the reviewed 
relative permeability data the recovery factor is increased by c. 14.9% and the total 
gas production is decreased by c. 9.9%. Whereas, under the original relative 
permeability, although the variation of Kv: Kh is also the heterogeneity factor has the 
highest rank but the recovery factor only increases by c. 4.9% and total gas 
production is only decreased by c. 4. I %. 
Mud-clast lags along channel base are the second most significant heterogeneity that 
influences reservoir performance. By including mud-clast lags at channel bases the 
recovery factors is decreased by c. 3.4% and total gas production is increased by c. 
2.1 %. The results also demonstrate that the impact of varying the other 
heterogeneities are close to or below the level of stochastic uncertainty. 
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Figure A5.2 (A-B). Average percentage change in recovery factor and total gas produced after 20 years in 
north flank 
Aement models of Pereriv B, observed when each factor in the sensitivity analysis is varied from 
setting 
jable 5A). The original relative permeability data are -applied -ý (A. top) aý', d rev! ewed relative 
pe! - data -ýire applied 
in (B, bottom). 
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By comparing the results that were generated using different relative permeabilities, 
it is found that the reviewed relative permeability data produce a far storger effect on 
the modelling results for the Kv: Kh ratio. From Figure A5.3 it is found that by 
modelling Kv: Kh equal to I the recovery factor is increased by c. 14.9% with the 
reviewed relative permeability curves compared with c. 4.9% for the original relative 
permeability curves. 
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Figure A5.3. Absolute percentage change in recovery factor after 20 years is plotted as distance from the 
centre of the chart for each heterogeneity factor, to enable comparison between the two different gas-oil relative 
permeability curves. The area around the centre of each chart represents the absolute percentage change observed 
from different stochastic realizations. The reviewed relative permeability data included a much larger magnitude of 
response for the most significant heterogeneity factor, suggesting that relative permeability has a large impact on the 
displacement. 
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A5.2 Discussion on the impact of variation in relative permeability 
In this chapter two different sets of gas-oil relative permeability curves are applied. 
Both sets of relative permeability data have the same end-point mobility ratio; 
therefore both yield identical results when Dietz's stability analysis is applied. Thus 
the results of the oil recovery prediction should be the same, but this is not confirmed 
by the simulation results. What is the reason for the different responses of the 
recovery factor in the screening study? 
Figure A5.4 demonstrates the fractional flow curve and the mobility ratio for these 
two sets of relative permeability data. It is found the from different relative 
permeability curves, the different averaged shock front mobility ratio is found. By 
applies the review relative permeability the average shock front mobility ratio is 7.92 
which is 1.64 larger than the average shock front mobility ratio obtained from the 
original relative permeability (c. 6.28). Although both sets of relative pen-neability 
data have the same end-point mobility ratio, the reviewed data exhibits a higher 
mobility ratio for most gas saturations, which suggests that gas is more mobile when 
the gas saturation is not at its maximum value. Such an impact is not described by the 
Dietz's analysis; both sets of relative permeability have the same Dietz's critical rate. 
The results show that by using different sets of relative permeability data, the 
magnitude of the average response is different (Figure A5.3). By using the realistic 
set reviewed of relative permeabilities, it is found that the response to the variation of 
Kv: Kh ratio becomes a lot stronger (Figure A5.3). The difference in shock front 
mobility ratio is then hypothesized as the main reason for the different magnitude of 
I'C ý-, on reservoir performance. This will be discussed 
further in the next section. 
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Figure A5.4. Fraction flow curves and shock front mobility ratio for different relative permeability data (Figure 
A5.1). The fractional flow curves include gravity. A tangent is drawn to the fractional flow curve from the initial water 
saturation. The tangent point indicates the saturation at breakthrough. The intercept of the tangent at f=l indicated the 
average saturation behind the front up to the breakthrough time at the production well 
Figures A5.5A to A5.5D show gas saturation in cross-section through models with 
different sand Kv: Kh after one year of production. The simulations were conducted 
with simplified fluid PVT description and both sets of relative permeability data were 
applied. Firstly by comparing both displacements with the same Kv: Kh ratio (Figure 
A5.5A and 5.5B) it is found that with the reviewed relative permeability data, there is 
lower gas saturation in the gas invaded zone, because gas is more mobile for the 
reviewed data. Secondly, by comparing displacements with the same relative 
permeability data (Figure A5.5C and A5.5D), it is found that when the Kv: Kh ratio is 
I the gas invades a greater area but the gas saturation within the invaded zone is tý 
-ompared with the case where Kv: Kh ratio is 1. Thus when Kv: Kh is equal to 1, 
invaded zone has a relatively high gas saturation and gas is concentrated at the ttr Z_:, C- 
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top of the reservoir because of vertical equilibrium. This phenomenon is stronger in 
the case when the reviewed relative permeability is applied (compare Figure A5.5C 
and A5.5D). The saturation plots demonstrate that when the Kv: Kh ratio is low, gas is 
less likely to segregate upward; instead, the gas follows the bulk flow direction. The 
gas moves more quickly if the relative permeability curves yield a higher average 
mobility ratio. Lower recovery results because more oil is left unswept after gas 
invasion. Therefore the Kv: Kh ratio has a larger impact on recovery in the case where 
the average shock front mobility ratio is higher. 
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Figure A5.5 (A-D). Vertical cross section view through the middle of a subset model of gas saturation after 
1 year of displacement with the original relative permeability curves and the Kv: Kh of the channel sand equal to 1 (A, 
top left) and 0.1 (B, top right). Compare with the case where reviewed relative permeability data are applied with the 
Kv: Kh of the channel sand equal to 1 (C, bottom left) and 0.1 (D, bottom right). The producers and injector are 
labeled. The plots show that the gas saturation is higher in the invaded zone in models with sand Kv: Kh ratio equal to 
1 (left) than 0.1 (right). The effect is more pronounced when the reviewed relative permeability data is applied. 
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Appendix 6 
Test of the reliability of the 
streamline simulation 
Many previous studies have demonstrated that the streamline simulator is a useful 
tool for screening heterogeneity's influence on reservoir performance. This is because 
it is capable of simulating models with large number of grid cells in order to capture 
detailed geological features (e. g. Thiele et al., 1996; Datta-Gupta, 2000; 1droho et al., 
2000 and Gilman et al., 2002; ). 
Compared with commercial simulators (e. g. finite different simulators: Eclipse) 
streamline simulators operate under simplified PVT conditions. Some important 
physics is neglected by the streamline simulator and so it is not intended to produce 
rigorous prediction of recovery (Gilman 2002). Comparisons between streamline 
QDSL) and finite different (Eclipse) simulation have been made under both water 
and gas flood displacement in order to compare the two different simulators (Figure 
A6.1 and A6.2). The water-oil and gas-oil relative permeability curves reported in 
Figure 3.2 were applied in this test. 
In relation to water-oil displacement, Figure A6.1 shows the comparison of the oil 
recovery and the water production profile between Eclipse at IMPES mode and 3DSL. 
The test was conducted in 2D south flank homogeneous models. The result shows 
&. at the oil recovery and water production profile from the two different simulations 
LI ý Imost identical. That suggests that on ýýater-oil displacement, the result 
28 3 
genei.. ,, J by the streamline simulator is as good as the finite difference simulator at 
the IMFES mode under simplified PVT conditions. 
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Figure. A6.1 Comparison of the 3DSL and Eclipse estimation on oil recovery profile and the water production 
profile under water-oil displacement in a 2D south flank homogeneous model. The result shows the estimation by 
3DSL and E-Clipse on water oil displacement is almost identical. 
On gas oil displacement, Figure A6.2 shows the comparison of the oil recovery and 
gas production profile between Eclipse at IMPES mode and 3DSL (streamline) 
simulation in 2D north flank homogeneous models., The gas flooding results, 
difference between the streamline and finite difference simulation are larger than 
water flooding. The results show that, regardless which timesteps is being used, under 
the streamline simulations, earlier breakthrough was estimated. Nevertheless, the 
uýI j, 'mate recovery is the same for both the Eclipse and 3DSL's simulation. 
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Figure. A6.2 Comparison of the 3DSL and Eclipse estimation on oil recovery profile and the gas production 
profile under gas-oil displacement in a 2D north flank homogeneous model. The total oil recovery and the total gas 
production are matched between 3DSL and Eclipse's estimation. Comparing the two simulations, in general, the 
streamline simulation (3DSL) estimated an earlier gas breakthrough time. The graph also shows that the results 
converged when 100 days timesteps (which were applied to all the gas flooding simulations in the research) applies 
on the streamline simulation. 
Different time steps for 3DSL simulations were also tested. The results converge 
when 100 days timesteps are applied. Therefore, 100 days timesteps were applied in 
all the gas-oil displacement simulations in this research. Many previous studies also 
demonstrated that streamline simulation obtains similar results with the finite 
different simulation at IMPES model under simplified PVT conditions (e. g. Batycky 
et al., 1996 and Huang et al., 2004). In general, both previous research and the results 
of this study considered in this section also indicate that the results generated 
by 
st'roa, ml i lators are as good as the finite different simulator under simplified ine simu III 
conditions. 
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